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Abstract 

The RePowerEU plan [1] and the European Hydrogen Strategy [2] recognise the important role that the transport 
of hydrogen will play in enabling the penetration of renewable hydrogen in Europe. To implement the European 
Hydrogen Strategy it is important to understand whether the transport of hydrogen is cost effective, or whether 
hydrogen should be produced where it is used. If transporting hydrogen makes sense, a second open question 
is how long the transport route should be for the cost of the hydrogen to still be competitive with locally 
produced hydrogen. JRC has performed a comprehensive study regarding the transport of hydrogen. To 
investigate which renewable hydrogen delivery pathways are favourable in terms of energy demand and costs, 
JRC has developed a database and an analytical tool to assess each step of the pathways, and used it to assess 
two case studies. The study reveals that there is no single optimal hydrogen delivery solution across every 
transport scenario. The most cost effective way to deliver renewable hydrogen depends on distance, amount, 
final use, and whether there is infrastructure already available. For distances compatible with the European 
territory, compressed and liquefied hydrogen solutions, and especially compressed hydrogen pipelines, offer 
lower costs than chemical carriers do. The repurposing of existing natural gas pipelines for hydrogen use is 
expected to significantly lower the delivery cost, making the pipeline option even more competitive in the future. 
By contrast, chemical carriers become more competitive the longer the delivery distance (due to their lower 
transport costs) and open up import options from suppliers located, for example, in Chile or Australia. 
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Preface 
The European Hydrogen strategy recognises the important role [2] the transport of hydrogen will have in 
enabling the penetration of renewable hydrogen in Europe in the future, and explicitly mentions the import of 
hydrogen from outside Europe. Moreover, the RePowerEU plan [1] sets a target of 10 million tonnes of 
renewable hydrogen imports by 2030. JRC is assessing the costs and energy demand of hydrogen transport 
and distribution for various volumes and distances, allowing for a semi-quantitative ranking of transport options 
for hydrogen within the chosen set of assumptions [3]. The study considers transport of compressed or liquefied 
hydrogen, but also by means of liquid hydrogen carriers such as ammonia, methanol or liquid organic hydrogen 
carriers (LOHC). Each option offers different advantages, for example a good hydrogen storage density (e.g. 
NH3, MeOH or LOHC) or better round-trip efficiency (e.g. compressed or liquefied gas). The assessment covers 
the transport of hydrogen to the demand location through various means, the main options being pipelines, 
ships, trains or trucks.  

The goal of this study is to answer the question whether it is more convenient to produce renewable hydrogen 
close to the demand location or to transport it from a location where renewable hydrogen production is cheaper. 
A second point we looked into is how long the transport route can be for the cost of hydrogen to still be cost 
competitive. To provide these answers a comprehensive analysis of the energy demand and costs involved in 
the delivery chain for the supply of renewable hydrogen has been performed. 
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1 Introduction 

The RePowerEU plan sets an ambitious target of 10 million tonnes of renewable hydrogen imports by 2030 [1]. 
Already the European Hydrogen strategy [2] had foreseen that hydrogen may have to be transported within 
Europe, or even imported from the EU’s eastern and southern neighbours, which are seen as potential exporters 
of clean hydrogen to Europe. It is therefore important to understand whether it is cost effective to produce 
renewable hydrogen where renewable electricity is cheap and then transport it to the customer, or it is better 
to produce the renewable hydrogen close to the demand location. If transporting hydrogen makes sense, a 
second open question is how long the transport route should be for the cost of the hydrogen to still be 
competitive with locally produced hydrogen. The development of an infrastructure connecting areas rich in 
renewable energy with areas with high demand for hydrogen will need significant investment and should 
therefore be planned in a coordinated manner, at a European level. As there are multiple options available, it is 
necessary to investigate their advantages and disadvantages, in order to guide infrastructure development 
along the most effective path.  

JRC has performed a comprehensive study regarding the transport of hydrogen. To investigate which renewable 
hydrogen delivery pathways are favourable in terms of energy demand and costs, JRC has developed a 
database and an analytical tool to assess each step of the pathways, and used it to assess two case studies. 
The first case study is for a simple point A to point B delivery route, assessing shipping and pipeline transport, 
whereas a second case analyses a more complex distribution route. This report analyses several options for 
hydrogen delivery in order to provide relevant insights and techno-economic information to stakeholders, and 
to provide support to policymakers in the implementation of the hydrogen strategy. 

1.1 Policy context 

The European Commission (EC) adopted a new hydrogen strategy on 8 July 2020 with the communication 'A 
hydrogen strategy for a climate-neutral Europe' [2]. Renewable hydrogen is recognised as a key component for 
the decarbonisation of the energy sector, which is responsible for over 80% of European Greenhouse Gas (GHG) 
emissions [4]. The strategy sees the multiple roles of hydrogen in a decarbonised energy system, to provide 
energy storage, to provide fuel for heavy-duty transport, and to provide heat and feedstock to industries. The 
Hydrogen Strategy recognises the important role that the transport of hydrogen will play in enabling the 
penetration of renewable hydrogen in Europe. In the timeframe up to 2024, the strategy proposes that 
infrastructure needs for transporting hydrogen will remain limited as demand will be met by on-site production. 
However, planning of infrastructure should begin. After 2025, there will be a need to deploy an EU-wide 
infrastructure to supply hydrogen. A pan-European hydrogen grid will need to be planned, and a network of 
hydrogen refuelling stations is to be established. The transport of hydrogen from areas with large renewable 
potential to demand centres across borders is mentioned in the strategy. It proposes that the transport of 
renewable hydrogen over longer distances can be enabled through repurposing of parts of the existing gas grid. 
Moreover, according to the strategy, there could also be international trade, in particular with the EU’s 
neighbouring countries in Eastern Europe and in the Southern and Eastern Mediterranean countries. 

The RePowerEU plan sees the necessity to accelerate efforts to deploy the hydrogen infrastructure for 
producing, importing and transporting 20 million tonnes of hydrogen by 2030. In order to facilitate the import 
of up to 10 million tonnes of renewable hydrogen, three major hydrogen import corridors will be supported: via 
the Mediterranean, the North Sea area and, when possible, the Ukraine.  

Several Member States have published national hydrogen strategies, with some of them contemplating the 
importation of hydrogen. The German hydrogen strategy considers that the country will continue to source much 
of its energy from abroad, including hydrogen. It proposes that Germany will foster and intensify international 
cooperation and partnerships on hydrogen [5]. In March 2021, a Memorandum of Understanding on German-
Saudi hydrogen cooperation has been signed [6], and a bilateral agreement was signed recently to investigate 
the scope for Germany to import hydrogen produced from solar power in Australia [7].  The Dutch hydrogen 
strategy recognises the key role of hydrogen imports once there is a global market [8]. It also mentions that 
part of the hydrogen demand of Germany may have to be transported through the Netherlands. In general, the 
Netherlands aims to continue to act as an energy hub, as it has an extensive gas grid, ports and storage facilities 
[8]. The Spanish Hydrogen Roadmap foresees that Spain will become an exporter of renewable hydrogen to the 
rest of Europe [9]. Italy has not yet published its hydrogen strategy, but it is likely to mention Italy’s role for the 
importation of hydrogen from North Africa, given the existing pipelines [10]. In recent years, many countries 
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outside Europe published hydrogen strategies or deployment roadmaps. At international level, the strategies of 
Australia, Chile and Canada focus on the exportation of hydrogen [11][12][13]. Countries such as New Zealand 
and Saudi Arabia, as well as the region of North Africa, have also expressed interest in the production and 
exportation of hydrogen [14][15][16]. Norway’s strategy also clearly positions the country as one of the potential 
exporters of low carbon gas. Whether this would be in the form of hydrogen, or natural gas with the CO2 being 
transported back to Norway, is still open [17]. Regions are also active, for example in Flanders, the hydrogen 
strategy sees importation of hydrogen as a necessity in the future [18]. Pilot projects are foreseen, and the first 
imports through Flemish ports should take place by 2030. The Hydrogen Import Alliance has recently published 
a study on the importation of hydrogen for this region [19]. 

 

1.2 Goal and scope 

The goal of this study is to answer the question whether it is more convenient to produce renewable hydrogen 
close to the demand location or to transport it from a location where renewable hydrogen production is cheaper. 
If transporting hydrogen makes sense, the second question that this study tries to answer is how long the 
transport route can be for the cost of hydrogen to still be competitive. To provide these answers, JRC has 
performed a comprehensive analysis of two key parameters, namely the energy demand and costs involved 
in the delivery chain for the supply of renewable hydrogen.  

This study considers that the delivery chain comprises the key processes and equipment necessary for the 
delivery of hydrogen from the production site to the demand/use location(s) (see Figure 1). The delivery chain 
can be divided into three main segments: i) the “packing”, where hydrogen is prepared for its transport; ii) the 
transport itself; and iii) the “unpacking”, where hydrogen is prepared for its final use. Across each step of the 
delivery chain, a storage facility is assumed to enable a smooth transition. Since the focus of this study is the 
delivery stage, the production of hydrogen and its final use are considered to be outside of the scope. 
Nevertheless, a cost for hydrogen production had to be assumed to account for the economic value of hydrogen 
losses (see Section 4).  Hydrogen is assumed to be fully renewable, in line with the long-term ambitions set out 
in the Hydrogen Strategy [2], the RePowerEU plan [1] and the Clean Planet for All [20] communications. Although 
quantification of CO2 emissions is not part of the scope of this study, the specific technical options selected 
have been singled out for their potential to offer the lowest possible GHG emissions while at the same time 
having a reasonable technological maturity. Fossil fuel based approaches were avoided as much as possible 
and circularity solutions (such as direct air capture) for feedstock streams such as CO2, were privileged.  

Figure 1 depicts the delivery chain elements considered in our study. Our analysis refers only to the elements within the 
dotted line.  

 

Source: JRC, 2022 
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The delivery chain options considered for this study are strictly related to the form in which hydrogen is 
transported (i.e., the ‘packaging’ mode). Five packaging modes are considered: compressed hydrogen (CGH2), 
liquefied hydrogen (LH2), ammonia (NH3), methanol (MeOH), and Liquid Organic Hydrogen Carriers (LOHC) in the 
form of dibenzyltoluene (DBT). Formic acid or other chemical carriers have been excluded due to their low 
technical maturity. Synthetic natural gas was also not covered among the packaging options; although it has 
been mentioned as a suitable means of transporting hydrogen in previous studies (e.g. [21]), a pathway involving 
synthetic natural gas was deemed to not be in line with the decarbonisation strategy of the EC, given the 
potential emissions of methane along the delivery chain. In fact, unlike the other pathways, leakages of this 
carrier would substantially increase the global warming potential of the H2 delivery1. In this study, the blending 
of hydrogen with natural gas is also not considered a means for the bulk delivery of hydrogen. In the view of 
the authors it could not be ensured that the hydrogen supplied by the hydrogen producer would reach the 
hydrogen consumer over long distances in the required quantities and at comparable cost with other transport 
options. The costs for hydrogen separation are currently still high, and it should be assumed that the amount 
of hydrogen contained in a blend with natural gas will vary, in particular over longer distances. Therefore 
guaranteeing the delivery of a specific large amount of hydrogen to a customer would be very difficult.  

As mentioned above, for this study, packaging options were selected which do not involve greenhouse gas 
emissions directly and intrinsically linked with the hydrogen carrier, even if there are fossil fuel based state of 
the art alternatives. For example, for methanol the CO2 necessary for its production was sourced using Direct 
Air Capture (DAC). However, it is important to underline that direct and indirect greenhouse gas emissions 
occurring along the delivery chain are not further assessed in this study. These could emissions arise, for 
instance, from transport or from the generation of the electricity used in the transformation plants, even though 
an attempt was made to reduce emissions as far as possible. An in-depth assessment of this aspect is currently 
underway, to be published end 2022.  

The rough timeline considered in this study is 2030-2035, assuming that there is a large demand for green 
hydrogen both for industrial and mobility end uses.  

The various technologies involved in transporting large quantities of hydrogen over long distances are currently 
at different stages of maturity. For the study, established existing technologies were used as far as these were 
available, and compatible with the objective to enable low CO2 emissions overall. All of the packing/unpacking 
technologies considered, even if already used in real-world installations, are at a much lower technology 
readiness level than the usual industrial installations currently employed for fossil fuels. Therefore all the 
technological development needed to implement these technologies at the required scale (as well as cost and 
energy demand) is assumed to have taken place.  

In some cases, existing established technologies are considered as perfectly suitable for the transport cases 
considered in our study. For instance, LOHC has similar properties as crude oil, therefore ships, pipelines and 
storage facilities for crude oil could easily be used. This had been considered in the cost assumptions. However, 
both packing and unpacking plants for LOHC have only been realised at small, prototype scale. For LH2, 
liquefaction plants exists, but as explained in Section 5.5.2.1, a significant cost reduction due to upscaling of 
plant capacity, and an increase in efficiency have been considered. For MeOH and NH3, packing plants exist at 
large scale, but are often based on the use of fossil fuels as feedstock and process fuel. Unpacking plants still 
need further development, in particular for NH3 cracking. Hydrogen compressors could also be considered to be 
at high TRL, although further improvements in efficiency and upscaling have been assumed. For pipelines, the 
maturity of the technology can be considered high, even if there no example of hydrogen pipelines covering the 
distances and the volumes considered in our study.  

The different delivery chain options are presented in detail in Section 2. The methodology and general approach 
of the report are outlined in Section 3. Two case studies inspired by plans of the hydrogen industry are presented, 
considering the amount of hydrogen transported and the distances. More details regarding the case studies are 
given in Section 4. The assumptions are explained in Section 5, and the key data underlying the assessment per 
transport pathway can be found in the Annex 2. In Section 6 the key findings are presented, and in Section 7 
the conclusions that can be drawn from these findings are discussed. Section 8 provides recommendations and 
discusses policy implications. 

                                          
1 To investigate the potential environmental impacts of the different delivery options, a comparative life cycle assessment is being 

performed. 
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2 Hydrogen delivery packaging options and pathways 

As explained in the previous Section, the hydrogen delivery pathways considered are compressed hydrogen, 
liquefied hydrogen, ammonia, methanol and LOHC. The latter three will be labelled generally as ‘chemical 
carriers’. As hydrogen has a low density, it can be advantageous to process it before delivery. In this study, 
‘packaging’ is used when referring to the form in which hydrogen is being delivered. ‘Packing’ refers to the 
compression or liquefaction of hydrogen or its conversion to a chemical carrier. ‘Unpacking’ means reversing 
that process in order to have purified, gaseous hydrogen at a defined pressure and purity at the use site. 

2.1 Compressed hydrogen (CGH2) 

At present, compressed hydrogen is the preferred option for storing and transporting hydrogen. This packaging 
option has a low technological complexity, however, it also has a low gravimetric and volumetric density. The 
low density represents a challenge when delivering large amounts of hydrogen.  

2.1.1 Packing 

Hydrogen is compressed in order to increase its density and therefore, to reduce the volume necessary for its 
storage and transport. Hydrogen can be compressed up to different final pressures. The higher the pressure, 
the higher the density of the hydrogen, but also the higher is the energy required for its compression up to the 
chosen final pressure. Final pressure is defined by the application; while compressors for hydrogen refuelling 
stations may require pressures up to 100 MPa, compressors for pipelines can operate at far lower pressures 
(below 10 MPa). 

The most commonly used technologies for the compression of hydrogen are based in mechanical compression 
and include reciprocating, diaphragm and centrifugal compressors. Although they are well-established 
technologies, the presence of moving parts in mechanical compressors usually leads to high maintenance costs. 
Moreover, this technology poses the risk of contaminating the hydrogen with oil (except in the case of diaphragm 
compressors). Ionic compressors are reciprocating compressors working with an ionic fluid. The use of ionic 
liquid improves the efficiency of the compression while reducing maintenance costs and contamination of the 
hydrogen.   

The choice of a particular type of mechanical compressor depends on the requirements of the application (e.g., 
underground storage, pipelines). Reciprocating compressors show the best performance for high pressure ratios. 
Centrifugal compressors are limited in this aspect, but in applications requiring high flows they may be the 
preferred choice. Diaphragm compressors supply hydrogen with a higher purity than other mechanical 
compressors, thanks to their design that reduces the contact of hydrogen with the compressor’s oil. Applications 
where purity is a key parameter may prefer this compression technology.   

Alternative compression technologies such as electrochemical [22] and metal hydride [23] compression systems 
are under development, or in an early commercial stage. These technologies do not have moving parts, which 
in principle should increase their reliability and eliminate contamination problems due to the presence of 
lubricant oil. This also reduces their noise level, which can be a relevant factor in certain applications. 
Nevertheless, it is not yet clear whether these alternative technologies can be scaled up sufficiently (e.g. flow-
rate) to play a relevant role in a hydrogen economy, or if they will be limited to small niche markets.  

It is not possible to provide a simple representative value for the energy necessary for compressing hydrogen. 
The energy consumption value depends not only on the compression technology, but also on the pressure ratio 
and flowrate delivered by the compressor. This can be seen in Table 1, where several references of compressor 
energy and cost are collected. 
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Table 1 Compressing energy (MJ/kg H2) for different hydrogen compressors. 

Inlet 
pressure 
(MPa) 

Outlet 
pressure 
(MPa) 

Flowrate 
(kg H2/h) 

Energy 
(MJ/kg 
H2) 

Technology Reference 

2 10 8 333 3.0 Centrifugal [24]  

2 50 4.2 13.0 Diaphragm [25] 

1-4 45 62 9.7 Diaphragm [26] 

1-4 45 125 9.0 Diaphragm [26] 

3 45 95 6.8 Reciprocating [27] 

3 45 190 6.1 Reciprocating [27] 

3 45 550 4.7 Reciprocating [27] 

0.8 50 18 10.4 Ionic [28] 

2.5 50 18 7.9 Ionic [28] 

0.6 90 28 11.9 Ionic [29] 

0.3 90 0.4 30.2 Electrochemical [22] 

0.3 95 5 23.8 Electrochemical [22] 

2-3 100 4.2 15.8 Diaphragm [25] 

Compressor costs also depend on technology, flowrate and pressure ratio. According to [24], compressors 
delivering 300 kgH2/h with an inlet/outlet pressure of 10/55 MPa have a capital cost of M$2 0.27, while the 
capital cost of a compressor with a nominal flow-rate of 8 300 kgH2/h and 2/10 MPa as inlet/outlet pressure is 
around M$ 6. 

2.1.2 Storage  

Once compressed, hydrogen must be stored in a suitable system able to withstand the storage pressure and 
with materials compatible with hydrogen under those storage conditions. This storage system can be located 
either aboveground or underground. Underground storage can involve salt caverns, depleted gas fields, aquifers, 
or other underground formations. Hydrogen can be stored aboveground either in pipelines or in vessels. These 
storage systems can also be used as underground storage. 

Among underground storage solutions, salt caverns are considered as the most promising means of storing 
hydrogen in large quantities [30]. The advantages consist of good leak tightness, high pressure resistance (up 
to 20 MPa), and flexible operation. Moreover, the inert nature of the cavern material and the lack of 

                                          
2 Unless noted otherwise, costs have been adjusted for inflation (May 2020), for more details see Section 3.  
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microbiological activity reduce the probability of hydrogen depletion and contamination. Currently, there are a 
few examples of hydrogen storage in salt caverns (located in the USA and the UK); their main parameters can 
be found in Table 2 [31]. Capital costs for salt caverns can range between 35-38 $/kgH2 stored [32], depending 
on the storage pressure. Other underground storage solutions present higher costs, as in the case of lined rock 
caverns, where they can range between 56-116 $/kgH2 stored [32] The potential for hydrogen storage in 
European salt caverns (onshore and offshore) has been estimated at 2.5 billion tonnes of hydrogen, with the 
largest potential in Germany (42%) [33]. Nevertheless, salt caverns require specific geological formations, which 
may not always be available. The distribution of salt deposits in Europe can be seen in [34]. 

Table 2 Operational parameters of existing hydrogen salt caverns. Source [31] 

Company Chevron Phillips 
Chemical Company  

Air Liquide  Praxair Sabic 
Petrochemicals 

Location Texas Texas Texas Teesside (UK) 

Volume (m3) 580 000 906 000 566 000 210 000 

Max operating 
pressure (MPa) 

13.5 20.2 13 (estimated) 4.5 

Storage (t H2) 2 500 5 800 (estimated) 2 400 750 

Energy requirements for hydrogen storage in salt caverns are divided between the energy needed to compress 
the hydrogen, and the energy necessary to dry the hydrogen before its delivery. While the latter has a value of 
0.374 MJ/kg-H2, according to [35], compression energy is defined, mainly, by the pressure difference between 
the storage and the delivery pressure (see Table 1).  

Pipelines or vessels can also be used for aboveground hydrogen storage. These storage systems are easier to 
deploy than underground solutions but they are more than one order of magnitude more expensive than 
underground storage options, at between 930-2 200 $/kgH2 stored [24]. Therefore, aboveground stationary 
storage of hydrogen it is not seen as an optimal solution when storing large amounts of hydrogen. This type of 
storage can be more suitable in applications with smaller storage needs (e.g., hydrogen refuelling stations) or 
where underground storage is not available.  
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Figure 2 Salt deposits in Europe 

 

Source: [34] 

 

2.1.3 Transport 

Nowadays, compressed hydrogen gas is mostly transported by road, using systems known as Multiple Element 
Gas Containers (MEGCs). These systems consist of bundles of gas cylinders. MEGCs can be designed to match 
the dimensions and features of ISO standard containers, facilitating their use in intermodal transport. Basic 
dimensions and permissible gross weights of intermodal containers are largely determined by two ISO 
standards, ISO 668:2013 [36] and ISO 1496-1:2013 [37]. 

Gas cylinders comprising the MECG are either metallic or made of a combination of internal liner (metallic or 
plastic) wrapped with a carbon fibre based composite material. Metallic cylinders have been extensively used 
to transport and to store compressed hydrogen, usually up to 30 MPa. Composite cylinders are lighter, but more 
expensive. Nevertheless, they allow for higher transport pressures, which increase the payload of the MEGC, 
reducing the transport costs (more hydrogen can be transported in one shipment). Storage pressure of MEGCs 
can range from pressures below 20 MPa [38] up to 50 MPa [39]. At the highest pressure (50 MPa), the payload 
of a MEGC can reach values above 1 tonne [39]. The cost of MEGC systems ranges between 790 $/kg H2 for 
systems at 25 MPa [24] and 1 100 $/kg H2 for transport at 50 MPa [40].   

Gas cylinders, in particular when their design matches ISO container dimensions, may be used to transport 
compressed hydrogen by rail, sea, or inland waterways.  

A recent announcement by GEV shows a design of compressed hydrogen tanker ship storing the whole hydrogen 
cargo in two big tanks of a cylindrical shape. This compressed hydrogen tanker ship can transport a total amount 
of 2 000 tonnes of hydrogen at 25 MPa [41]  

Compressed hydrogen can also be transported by pipelines. More than 4 500 km of hydrogen pipelines are 
deployed worldwide [42], however, they are limited to industrial applications, where the customers (e.g., 
refineries, fertilizer plants, steel plants) are supplied via pipeline, usually from a natural gas steam reforming 
plant located nearby. Transmission system operators (TSOs) of natural gas grids foresee a hydrogen economy 
where hydrogen transport via pipeline will play a relevant role [43]. 

Two options are considered in the case of pipelines for hydrogen delivery: either deployment of newly built 
hydrogen pipelines or repurposing of pipelines and components currently used in the natural gas transmission 
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network [44]. While the second option can be several times cheaper, it also requires a careful analysis of the 
current state of the pipeline to be repurposed (i.e. possible damages) and of its suitability to transport hydrogen 
(i.e. material compatibility). Other components of the network to be repurposed, such as compressors, valves, 
or flowmeters, must also undergo a thorough compatibility analysis.   

A range of operating pressures for transport of hydrogen has not yet been established. Currently deployed 
industrial pipelines can have operating pressures of up to 10 MPa [45]. On the other hand, the typical operating 
pressure in natural gas transmission pipelines in Europe ranges between 6.7-8 MPa [43], meaning that 
repurposed pipelines may not be able to exceed that pressure when transporting hydrogen.  

Optimisation of the design of a hydrogen pipeline network is not a straightforward process. From an energy 
point of view, the larger the diameter, the more efficient the transport of hydrogen, as the pressure drop is 
lower. However, from an economic point of view, the smaller the pipeline, the cheaper it will be but also the 
higher the pressure drop of the hydrogen transported. This higher pressure drop will require a larger number of 
compressor stations and, therefore, more compression work (energy costs) than in the case of a pipeline with 
a larger diameter. 

A similar trade off occurs when choosing the operating pressure of the pipeline: the higher the pressure, the 
higher the density of the transported gas; therefore, for the same pipeline diameter, more gas is transported. 
However, higher pressures requires thicker pipeline walls and more compression work, both of which will 
increase the costs.  

Hydrogen pipeline materials include plastic, metallic and composite materials. Current standards for hydrogen 
pipelines recommend the use of metallic pipelines (carbon steel alloys) [46]. Regarding compressors, gas 
transport by pipeline usually operates at high flows and low/medium pressure ratios. Reciprocating and 
centrifugal compressors seem the most suitable compressor technologies for this application [43]. 

In [44], costs for pipelines and compressors are estimated. For newly built pipelines, depending on size and the 
scenario considered, they range from 1.4 to 3.4 M€/km. If natural gas pipelines are repurposed, the costs can 
drop down to between 0.2 and 0.6 M€/km. Capital costs for compressor stations are estimated to be in the 2.2 
to 6.7 M€/MW range. 

Pipelines themselves can act as temporary storage by increasing pressure. This feature provides a certain 
degree of flexibility to a hydrogen delivery network based on pipelines, facilitating its adaptation to a changing 
supply or demand. Nevertheless, additional storage may be required, depending on the variability of supply and 
demand. Storage can be placed at the production site and/or the demand site, and also in a suitable location 
along the pipeline. These storage solutions will be similar to the ones described in the previous section.  

2.1.4 Unpacking 

Once arrived at the consumption site, the compressed hydrogen should be delivered to the local storage system 
of the end-user (except in the case of hydrogen delivered by pipeline). Usually, the hydrogen pressure during 
transport is higher than the storage pressure at the end-user. Therefore, initially, the delivery of hydrogen is 
performed without additional energy input. However, there is a point during this delivery where the pressure in 
the storage of the transport system is not enough to deliver the hydrogen to the end-user storage. From this 
point onwards compression work is necessary. This additional work is defined by the pressures and volumes of 
the end-user storage and of the storage of the transport system. This delivery work is performed by 
compressors similar to the ones described in the packing section, however, the energy needs for compression 
during unpacking are, generally, much lower than the ones in the packing step.  

2.2 Liquefied hydrogen (LH2) 

At atmospheric pressure, hydrogen reaches the liquid state at 20 K (-253 °C). Under these conditions, the 
hydrogen density is 70.85 g/l [47], which is 2.3 times higher than the density of compressed hydrogen at 50 
MPa and normal conditions (around 30 g/l). This is the main reason why this packaging option, despite the 
technical and economic challenges involving the use of cryogenic temperatures, may be preferable to the use 
of compressed hydrogen. This advantage becomes more relevant the larger the amount of hydrogen to be 
stored and transported.  
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2.2.1 Packing  

Hydrogen is liquefied by means of liquefaction plants. The first such hydrogen plants were built in the USA to 
supply the demand of the petrochemical and aerospace industries. The working principle of large liquefaction 
plants is usually based on the (pre-cooled) Claude cycle [48]. This cycle consists of two stages. In the first stage, 
called the hydrogen refrigeration loop, the hydrogen is first compressed, and then cooled down by means of 
heat exchangers and expansion in turbines. The refrigerant commonly used in the heat exchangers is liquefied 
nitrogen, and the hydrogen is recirculated after expansion in the turbines. The second stage of this cycle is 
where the hydrogen liquefaction process takes place. Here, gaseous hydrogen is fed, at a pressure of around 5 
MPa, into heat exchangers, where it is cooled down using the refrigerated hydrogen coming from the 
refrigeration loop as a cooling agent. Finally the feed hydrogen gas is liquefied at 0.1 MPa and 20.4K by 
expansion when passing through a valve (Joule-Thomson effect) [49],[50]. 

An alternative hydrogen liquefaction cycle is the helium Brayton cycle, where the hydrogen refrigeration loop is 
substituted by a helium cooling cycle. This cycle uses cheaper compressors than the Claude cycle, reducing its 
investment costs, but it has a lower energy efficiency. This cycle is used in small hydrogen liquefaction plants 
where economics are more sensitive to capital investment than to operating costs [50]. 

Additionally to the processes described above, an ortho to para hydrogen conversion process is necessary during 
the liquefaction of hydrogen. Hydrogen molecules exist in two forms, para and ortho (depending on the electron 
configurations). At room temperature the equilibrium concentration is 25% para-hydrogen and 75% ortho-
hydrogen, but in the case of liquefied hydrogen the equilibrium concentration is 99.79% para-hydrogen and 
0.21% ortho-hydrogen. However reaching this equilibrium is a slow process if no catalysts are used [51]. 

Conversion from ortho to para hydrogen releases heat (527 kJ/kg) [51], therefore, it is required that liquefied 
hydrogen reaches its para-ortho equilibrium before storage, otherwise the heat release during the ortho to para 
conversion that will take place until reaching equilibrium, will evaporate part of the hydrogen stored. This 
conversion can take place at an initial rate of 1% per hour, leading to the evaporation of 18% of the stored 
hydrogen in just one day [52]. For this reason, catalysts to accelerate the ortho to para conversion are introduced 
in the heat exchangers during the liquefaction of hydrogen [51]. These catalysts are commonly based on iron 
oxide or chromium oxide doped silica [53].  

Due to the low temperatures of the liquefaction process, impurities in the feed gas need to be removed to avoid 
their condensation or solidification in the heat exchangers. Otherwise, blockage or damage of this equipment 
could take place. Additionally, oxygen has to be removed to avoid the presence of solidified oxygen in the 
liquefied hydrogen, which could lead to hazardous situations [52]. This purification of the feed gas takes place 
before it is supplied to the liquefaction plant (e.g. by means of PSA), but also during the liquefaction process, 
either by cryogenic absorption or adsorption. Impurity levels in the liquefied hydrogen after liquefaction is below 
1 ppm [52].  

While ideal liquefaction work is below 14.4 MJ/kg H2 [54],  the energy requirement of current liquefaction plants 
is in the order of 36-43 MJ/kg H2 [55]. It is expected that with larger scale plants (>50 tonnes/day), the power 
requirements could be reduced by up to 50% (18-22 MJ/kg H2) [55]. This will be reached not only by scaling-up 
but also with technological and operational improvement of the equipment used in the liquefaction process, 
such as  recycle gas compressors, closed refrigeration loops for pre-cooling, improved turbine designs and 
adjusted concepts for the main refrigeration loop [50]. 

Today, the capacity of a conventional hydrogen liquefaction plant in Europe ranges between 4.4-10 tonnes/day, 
while in the US higher capacities are found, up to 32 tonnes/day [55]. Japan has a similar total liquefaction 
capacity as Europe, and Japanese plant capacities range from 0.3 to 11.3 tonnes/day [48][56].   

The capital investment for a liquefaction plant is $2.5-5 million per hydrogen tonne/day [57]. Hydrogen 
liquefaction cost is mostly driven by operational costs, where the energy cost of the liquefaction represents the 
main part [57]. Scaling up may bring prices down to 50% (including CAPEX and OPEX) [55]. Alternative 
technologies (e.g. magnetocaloric liquefaction [58]), with expected lower operational costs, are still under 
development.. 
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2.2.2 Storage 

Liquefied hydrogen storage systems are usually double-hulled cryogenic tanks, with both inner and outer 
metallic walls, and the space between walls filled with a thermally insulating material (e.g. perlite) at low-
vacuum pressure [54]. One of the main challenges when storing and transporting liquefied hydrogen is the 
evaporation of part of this hydrogen, which is known as boil-off. Boil-off is a consequence of the heat transfer 
from the storage tank surroundings, to the stored hydrogen. Evaporated hydrogen will progressively build up 
pressure inside the storage tank up to levels that can endanger the structural integrity of the storage tank. 
Pressure safety valves are placed in liquefied hydrogen storage systems to vent the evaporated hydrogen and 
reduce the pressure. The maximum allowable pressure in liquefied hydrogen tanks can reach up to 1.2 MPa 
[59]. The vented hydrogen represents a loss, from both an energetic and economic point of view.  

The boil-off rate is proportional to both the difference between stored hydrogen and environmental 
temperatures, and to the heat transfer coefficient. This coefficient is mainly defined by the materials and design 
of the storage systems. For instance, a storage tank with a spherical design will offer a lower evaporation rate, 
due to a more favourable volume-surface ratio than other tank geometries (e.g. cylindrical). 

Since mid-1960s, the two largest liquefied storage tanks (around 212 tonnes of liquefied hydrogen each) have 
been operating at NASA facilities (liquefied hydrogen has been historically used in aerospace applications). 
These tanks were designed to have boil-off rates below 0.075 %/day of the total volume of the tank [60]. In 
2019, CB&I Storage Solutions began construction of a storage tank of 4 700 m3 (300 tonnes of liquefied 
hydrogen, considering 10% ullage) to be operated at NASA Kennedy Space Center [61]. It includes improvements 
such as better insulation (glass bubbles instead of perlite) and integrated refrigeration and storage (IRAS) heat 
exchanger that should reduce the boil-off to a maximum of 0.048%/day. Smaller tanks (20-145 tonnes of 
liquefied hydrogen) show a higher boil-off rate (0.1-0.3 %/day) [59]. Costs for liquefied hydrogen storage for 
big tanks can range between 150-300 €/kgH2 [62], [63]. 

In addition to the boil-off described above, there is also a part of the stored hydrogen that is evaporated for 
operational purposes.  Current techniques for the transfer of liquefied hydrogen between storage systems are 
based on a pressure difference between the delivering and receiving tanks, and this pressure difference is 
achieved by boiling-off hydrogen in the delivering tank [64]. The boil-off increases the pressure in the delivering 
tank, allowing its transfer to the receiving storage system. In certain conditions, boil-off during a single transfer 
can reach values above 15% of the hydrogen transferred [64], however, this amount can be drastically reduced 
if the right operational conditions are set (e.g. filling method [64]). Moreover, boil-off can also be reduced by 
means of low pressure cryogenic pumps [64]. These pumps can be used to transfer the liquefied hydrogen 
between tanks, avoiding the boil-off pressure build-up necessary for operational purposes. 

Boil-off does not necessarily mean a loss of hydrogen. The evaporated hydrogen may either remain inside the 
storage tank, or be redirected back to the liquefaction plant, or to an intermediate gas storage buffer, or directly 
to a final user. These measures may require additional equipment, such us compressors, or tanks with higher 
operational pressures than the current state of the art; therefore, the economic benefit has to be assessed on 
a case by case basis. An alternative solution to reduce boil-off losses when liquefied hydrogen is stored in a 
tank, is the inclusion of a system able to re-liquefy the boil-off gas within the liquefied hydrogen storage system 
[65], similar to the systems used in LNG carriers [66] or in the new liquefied hydrogen tank being deployed at 
NASA Kennedy Space Center  [61].    

2.2.3 Transport 

Liquefied hydrogen transport is currently limited, with few exceptions, to road transport by means of insulated 
tanks placed on top of trailers (tankers). These tankers can hold up to 4 tonnes of hydrogen (3.3 t in EU) [59]. 
The cost of these tankers is in the order of 200 $/kgH2 [24]. Their boil-off rate can reach up to 1% volume per 
day [59]. Additional boil-off losses occur when transferring the liquefied hydrogen from storage to tanker and 
vice versa. Cryogenic tanks are not filled up to their full capacity, to avoid a quick build-up of pressure due to 
boil-off of the liquefied gas. The free volume left in the tank is called the ullage volume. It usually ranges from 
around 5-10 % of the total volume.  

An alternative transport system to road tankers are containerised/portable storage solutions. The system HYLICS 
(Linde [59]), which follows the HELICS system tank designed to transport helium [67], is one example. This 
system can store up to 3 tonnes of hydrogen and it has the dimensions and features of an ISO 40 ft container 
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[59], making it suitable for intermodal transport. Kawasaki has a similar system based on a 40 ft container with 
a capacity of 46 cubic meters (around 3 tonnes of liquid hydrogen) and with a  boil-off rate ≤1% per day [54]. 
Uralcryomash (УРАЛКРИОМАШ) has an ISO 30ft container model able to store up to 1 270 kg of liquified 
hydrogen (20 m3) [68]. 

No commercial solutions for railway transport are currently available according to the inquiries performed by 
the authors. Systems such as the rail car ЖВЦ100М2 [69] by Uralcryomash (УРАЛКРИОМАШ) have been 
discontinued. This rail car had a boil-off rate of 0.8-1% per day and it was able to store up to 7 350 kg H2, in a 
volume of 119 m3, giving an ullage volume of 13% (According to US regulations for cryogenic liquid in tank 
cars [70], the minimum ullage volume is 7%). Another past example can be found in [71], where a dewar-type 
tank on a railway wagon was used to transport liquefied hydrogen.  

Nevertheless, cryogenic rail tank cars transporting cryogenic liquid, at temperatures as low as 77 K are 
commercially available [72]. Similar systems could be used to transport liquefied hydrogen, bearing in mind the 
lower temperature of liquid hydrogen (20 K), which may require better insulation and/or alternative materials. 
Containerised storage solutions such as those presented in [54], [59] or [68] could be viable options due to their 
design. However, the applicability of the HYLICS system to this transport is not clear, since its design is based 
on the HELICS system, and this system it is currently not certified for rail transport [67], but only for road and 
maritime transport. 

To the knowledge of the authors, transport of bulk liquefied hydrogen by sea (or inland waterways) has only 
been undertaken by NASA, using barges with a capacity of around 1 000 cubic meters (almost 65 tonnes of 
liquid hydrogen) [73]. Containerised solutions for the transport and storage of liquefied hydrogen (e.g. HYLICS) 
could be used in combination with container ships for the delivery of hydrogen. However, the transport of large 
amounts of hydrogen would probably need more optimised solutions, similar to the ones of LNG carriers. In this 
type of carrier several cryogenic tanks are integrated inside the ship. These carriers can transport up to 266 000 
m3 of liquefied gas [74], but typical sizes are in the range of 125 000-175 000 m3 [75]. This capacity range 
would translate into 8 500-12 000 tonnes of liquefied hydrogen. Capital costs for LNG carriers are in the 1 000-
1 200 $/m3 range [21], [76]. Currently, a prototype for a liquid hydrogen carrier developed by Kawasaki Heavy 
Industries, the Suiso Frontier [77], is under trial, transporting liquefied hydrogen from Australia to Japan. It has 
a capacity of 1 250 cubic meters (around 85 tonnes of liquid hydrogen). 

Containerised solutions could be more suitable for the transport of liquefied hydrogen along inland waterways, 
since smaller ships are expected to navigate in these waterways.  

2.2.4 Unpacking 

As mentioned above, liquefaction plants provide hydrogen with a very low content of impurities (below 1ppm). 
This should eliminate the need for a purification step as part of the unpacking. Therefore, the last step in the 
liquefied hydrogen delivery chain is usually the regasification of the hydrogen, which could be provided directly 
to the demand point (e.g. fuel cell electric vehicles (FCEVs)) or stored in an intermediate buffer.  

This regasification is performed by means of an evaporator and a cryogenic pump, which is placed at the inlet 
of the evaporator. The cryogenic pump pushes the liquefied hydrogen through the evaporator, where the liquid 
hydrogen transform into gas, and provides the pressure required for the final user. These pumps are able to 
reach up to 100 MPa, allowing direct refuelling of FCEVs. Hydrogen cryogenic pumps have lower energy 
consumption (4.3 MJ/kg H2 at 100 MPa, [59]) than hydrogen compressors. According to [24], the cost of a 
cryogenic pump able to deliver 100 kg/h at 90 MPa is around 650 000 $.  

2.3 Ammonia 

Ammonia is a chemical commodity traded worldwide and a fundamental building block used in fertiliser 
production. In 2019 its global production capacity was of the order of 218 Mt and growth in demand is forecast 
for the future [78]. European ammonia production is of the order of 20 Mt/yr [79]. 

Traditionally, ammonia is usually produced via the Haber-Bosch process, reacting hydrogen and nitrogen at 
400–550°C and at pressures of 10–25 MPa over an iron-based catalyst. The hydrogen feedstock can be 
supplied by electrolysers, as has already been demonstrated [80]. Alternative designs are possible, but have not 
yet been proven at scale [81], [82].  
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Ammonia cracking is an endothermic process and can be regarded as the reverse of the synthesis reaction. In 
order to achieve high conversion rates (>99%), ammonia cracking has to operate at temperatures higher than 
400°C. Conversion equilibria decrease by increasing pressure and kinetic limitations require high temperatures 
in order to achieve a significant hydrogen yield. The catalytic decomposition is promoted by the same metals 
active in ammonia synthesis, even if the different reaction conditions for synthesis and decomposition entail a 
different optimal catalyst for the two processes. Purification of the produced hydrogen has to be guaranteed 
and purification steps have to be implemented in the process [83]–[87]. Some new ammonia cracking designs 
exploiting Group I amide-imide properties are showing promising results [88], [89]. 

Both electrochemical ammonia synthesis and decomposition options seem to be at a much earlier development 
stage and they still have to be considered as being at relatively low technical maturity [90]. Therefore they will 
not be considered any further in this report. 

 

2.3.1 Packing 

The only reference process for ammonia synthesis which will be considered in this document and the analysis 
it contains, is a fully electrified Haber-Bosch, without any natural gas consumption The Haber-Bosch process, 
which is currently the most widespread method for ammonia synthesis, is using natural gas as feedstock and 
as fuel in most of plants worldwide. The low cost of natural gas drove the widespread deployment of this 
process. The energy consumed by the process considered in this report consists mainly of electricity used to 
compress the synthesis gases to the required pressure. A non-negligible amount of electricity is also required 
for the air separation unit process which is providing nitrogen feedstock. Due to the exothermic nature of the 
reaction, no significant steady heat supply to the synthesis loop is expected.  

Depending on the Air Separation Unit (ASU) design considered, energy consumption varies from 1.1-1.2 GJ/tNH3 
for Pressure Swing Absorption (PSA) [81], [91]–[93] to around 0.3-0.72 GJ/tNH3

3 for cryogenic distillation [94] 
[95], [92], [93]. 

Literature estimates for the compression energy consumption required, for achieving the pressure level needed 
for the ammonia synthesis, vary significantly. In a conventional fossil fuel fed Haber-Bosch process, 
compressors are steam powered turbine compressors, mainly powered by waste heat from the SMR process. 
The use of electrically driven compressors would make the process much more efficient [81]. Therefore the 
energy required for ammonia synthesis from green hydrogen cannot be directly derived from a conventional 
natural gas fed process. The energy used in driving a fully electrical ammonia synthesis is in the range 
1.2-2.7 GJ/tNH3 [81], [92], [94], [96]–[98], with a significant outlier giving a value of 5 GJ/tNH3 [99]. The 
discrepancies present in literature values can be explained by different starting and final pressures of feedstock 
gases, by differences in the considered compression efficiency, or by different process designs. The presence 
of an outlier value could be due to the assumed use of a steam turbine compressor rather than an electrical 
one.  

The expected heat production from the exothermic ammonia synthesis reaction in an all-electric process is 
2.7 GJ/tNH3. This high grade heat (around 500-550°C) could, in principle, be used for other applications [81], 
[96]. According to Morgan, the pumping power needed for cooling the synthesis loop of an all-electric ammonia 
plant with a capacity of 300 tons per day, is around 112 kW and it circulates around 9.5 tons of water per 
minute [94]. The electricity consumption of such a system is negligible in comparison with compression and the 
ASU.   

 

 

 

 

                                          
3 The final pressure of these values varies. 
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Table 3 Cost estimates for an ammonia plant taken from literature. 

Plant Capacity - tNH3/d Haber-Bosch Synloop  

 

Air Separation Unit Total Source 

10 $20077.4 m $20075.6 m $200713 m [97] 

20 $200711.5 m $20078.7 m $200720.2 m [97] 

50 $200720.9 m $200715.8 m $200736.7 m [97] 

100 $200732.9 m $200724.8 m $200757.7 m [97] 

200 $200751.6 m $200738.9 m $200790.5 m [97] 

300 $200767.1 m $200750.7 m $2007117.8 m [97] 

400 $200780.9 m $200761.1 m $2007142 m [97] 
600 $2007105. 3 m $200779.5 m $2007184.8 m [97] 
800 $2007126.9 m $200795.9 m $2007222.8 m [97] 
1 000 $2007146.8 m $2007110.8 m $2007257.6 m [97] 
1 200 $2007165.2 m $2007124.8 m $2007290 m [97] 
1 400 $2007182.6 m $2007137.9 m $2007320.5 m [97] 
1 600 $2007199.2 m $2007150.4 m $2007349.6 m [97] 
1 800 $2007215 m $2007162.4 m $2007377.4 m [97] 
2 000 $2007230.3 m $2007173.9 m $2007404.2 m [97] 
2 200 $2007245 m $2007185 m $2007430 m [97] 
2 400 $2007259.3 m $2007195.8 m $2007455.1 m [97] 
2 600 $2007273.1 m $2007206.2 m $2007479.3 m [97] 
2 800 $2007286.6 m $2007216.4 m $2007503 m [97] 
3 000 $2007299.7 m $2007226.3 m $2007526 m [97] 
3 200 $2007312.6 m $2007236 m $2007548.6 m [97] 
3 400 $2007325.1 m $2007245.5 m $2007570.6 m [97] 

     2.4 $201933 m - - [81] 
240 $202033 m $202012 m $202045 m [100] 
300 $201055.2 m $201015.8 m $201071 m [94] 
667 EUR2019103.9 m EUR201910.9 m EUR2019114.8 m [21] 
1 840 $201942.4 m $201913 m $201955.4 m [93] 

2.3.2 Storage 

Cryogenic temperatures can enable large-scale storage of ammonia at atmospheric pressure with capacities 
up to 50 000 tonnes [101]. Detailed techno-economic information on the design of a cryogenic storage tank 
with insulated double containment is given by Morgan [94]. The same source quantifies boil-off as less than 
0.04% per day. This boil-off can be re-liquefied by a compression-refrigeration loop and pumped back again 
into the storage vessel. According to Bartels, a low-temperature and large-scale storage system can store about 
41-45 tonnes of ammonia per tonne of steel [97]. A detailed description of a large-scale installation of an 
ammonia tank is given by Turi [102].     

A summary of CAPEX estimates available for large-scale ammonia storage is given by Nayak-Luke et al. [103]4 
and Elishav et al. [104]5. 

                                          
4 The authors consider a value of 0.81 USD/kgNH3 based on a 25,000-tonne tank, for their analysis. 
5 The ranges provided in the review are between 0.32 and 0.84 USD per kg of ammonia and depends on the size of the storage and the 

location of the storage facility. 
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2.3.3 Transport 

The use of ships, trains and trucks for transporting ammonia is well-established [97], [101].  

Shipping of ammonia is currently performed on a regular basis and requires partial or full refrigeration 
(ammonia liquefies at -33°C) in order to keep the ammonia cargo in liquid form around atmospheric pressure. 
It is possible to retrieve precise information on very large, dedicated gas carriers able to transport large amounts 
of ammonia [105]. The amount of ammonia transported can be as much as 50 000 tonnes (around 75 000 m3), 
but this amount could be even higher since cryogenic, fully-refrigerated LPG transport (which requires lower 
temperatures than ammonia) can already reach volumes of 100 000 m3 [101] Due to the similarities with LNG 
carrier designs, even higher capacities are possible, in principle [106]; see also Section 2.2.3. A newly-built, fully-
refrigerated ammonia tanker with a capacity of around 80 000 m3 should have a cost in the order of USD 
(2020) 80 m [106], [107].  Boil-off is quantified in the order of 0.03-0.04% per day [108], [109] and should be 
re-liquified if no losses are to be incurred. 

Details on ammonia transport by rail can be found in documents providing information for the US and Europe 
[101], [110], [111]. The rail cars are pressurised (lower than 2.03 MPa) in order to have liquid ammonia and 
usually have capacities in the range of 50-110 m3. However, the volume of the car can only partially be filled 
due to the thermal expansion of ammonia. In Europe, a filling density of 530 kgNH3/m3 should be used for 
calculating the tank capacity. Tanks usually have a wall thickness of 1.75 cm and are covered with a 0.32 cm 
jacket. At least one detailed design for a European manufacturer is publicly available [112]. A reference for the 
cost of a rail car able to transport ammonia is given by Hattenbach [113]. 

Ammonia is regularly transported in pressurised liquid form through pipelines over distances which can span 
thousands of kilometres and using trucks for distances around or below 150 km [101]. 

2.3.4 Unpacking 

Ammonia cracking energy requirements depend strongly on the process design considered. It should be noted 
that the design for commercial ammonia crackers is based on small outputs in the order of less than 100 kgH2/h 
[100].  

There appear to be few recent reports providing a design (later than 2010) for a large-scale ammonia cracker 
[32], [89]. The proposed large-scale design by Fothergill et al. [89] uses a firebox in which the heat necessary 
for the process is provided by a mix of 85% ammonia and 15% hydrogen, used as a fuel. The energy required 
for the process can be quantified as around 52 GJ/tH2 with a conversion of 98.5%6. 

The purchased equipment cost for a large-scale ammonia cracker, able to produce 200 tonH2/day at 25 MPa 
and with a 99.97% purity, is estimated by the authors to be around £74.85 m.  

The value reported by Fothergill et al. [89] is in line with those reported by Papadias et al. [32]7, but seems 
lower than the ones reported by Cesaro et al. [100], which are based on extrapolation of the cost of small-scale 
ammonia crackers, using the expected cost-size correlation of SMR firebox units.    

2.4 Methanol 

Methanol is a commodity chemical, with almost the whole European production  located in Germany [114], 
[115]. Methanol is used as a fundamental chemical precursor in many industrial syntheses (e.g. formaldehyde, 
chloromethane, methyl tert-butyl ether8 and acetic acid) and can be blended with petrol as a fuel additive. 
Methanol can also be used as a precursor in the methanol-to-olefins process. In Europe the majority of methanol 
production is absorbed by formaldehyde synthesis (2014 data) [114].  

 

                                          
6 The values of energy consumption of Giddey et al. (ACS Sustainable Chemistry & Engineering; 2017; 5; 11; 10231–10239) seem to be 

based on an error in their calculations and do not match with other values available in literature. 
7 Their analysis involves heat partially produced through use of natural gas. 
8 An antiknock agent. 
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2.4.1 Packing 

Conventional, fossil-based methanol production is based on syngas (a mixture of carbon monoxide and 
hydrogen) used as a synthesis precursor and obtained from fossil fuels. More details on this process can be 
found elsewhere [116], [117]. In recent years there has been a growth in interest in pursuing methanol synthesis 
using CO2 and hydrogen mixtures. Methanol synthesis from CO2 and hydrogen is kinetically limited at low 
temperatures and thermodynamically disfavoured at high temperatures. By increasing pressure, methanol yield 
increases and heat management is crucial since the CO2 hydrogenation reaction to methanol is strongly 
exothermic.  

Pressures  in the range 5-15 MPa and temperatures around 250°C are needed for methanol synthesis using 
CO2 and hydrogen as precursors [114], [118]9. These parameters are not much different from those of a 
conventional methanol process based on syngas conversion.  

The catalyst used for CO2 hydrogenation is usually the same relatively cheap zinc/copper catalyst as the one 
used in conventional methanol synthesis based on syngas. The direct hydrogenation of CO2 has the drawback 
of producing significant amounts of water and has reaction equilibria which are not as favourable as those of 
CO hydrogenation; it nevertheless has the advantage of facilitating the overall reaction kinetics and reducing 
by-product formation, since CO2 and not CO is the species reacting with hydrogen and producing methanol; 
moreover its hydrogenation reaction is less exothermic. For industrial-scale methanol syntheses, a moderate 
content of CO is necessary, since it keeps the catalyst in a reactive reduced state [114], [116], [118]. 

The development of pilot plants for methanol synthesis through direct CO2 hydrogenation has started in the 
nineties and to date, the biggest and only commercial production plant is the one operated in Iceland by Carbon 
Recycling International with a capacity of 4 000 tMeOH per year [114], [118]. New designs with an increased 
capacity have been announced recently.      

The industrial process of converting CO2 and hydrogen into methanol is not yet largely deployed and proposed 
designs can be grouped around two main solutions [119]: direct CO2 hydrogenation, or a combination of a 
reverse water gas shift (RWGS) step producing syngas, followed by methanol synthesis (CAMERE process) [114], 
[118], [120], [121]10.   

In the available literature, it is usually reported that the two step process is more energy intensive than the 
direct hydrogenation of CO2 and should require more CO2 per unit-mass of methanol produced [119], [122]. 
Nevertheless some sources cite the CAMERE process as having higher efficiency (higher methanol yields, lower 
operating costs) in comparison with the direct hydrogenation route [123]. Available information does not seem 
to show a remarkable advantage in the production efficiency of the CAMERE process compared to available 
data from direct hydrogenation pilot plants [118]. 

The feedstock requirements reported for the direct synthesis of methanol from CO2 and H2 mixtures do not vary 
much from a 3:1 stoichiometric minimum ratio with a range of 0.1887-0.204 kgH2/kgMeOH  and 1.375-1.484 
kgCO2/kgMeOH [124]–[128].  

The electricity consumption of a plant based on a double conversion step is estimated  by some authors to be 
in the order of 2.03 GJ/tMeOH [122]. This is in contrast with other published values which are as high as 
7.56 GJ/tMeOH [129]. The highest reported heat requirement is 52.9 GJ/tMeOH [129], but was reported to be 
almost zero for a process combusting a fraction of the output gases [122]. 

The published values for the total electricity needed in a direct CO2 hydrogenation process with heat integration 
are in the range of 0.63–5.4 GJ/tMeOH [98], [137], [138], [130], [125], [132], [133], [134].  

Heating and cooling needs vary significantly among published sources. Pérez-Fortes et al. [125], [130] mentions 
a total heating need of 1.58 GJ/tMeOH and a total cooling need of 3.1 GJ/tMeOH; while de Jong gives a total 
heating need of 1.04 GJ/tMeOH and a total cooling need of 1.71 GJ/tMeOH [127]. Kiss et al. [126] quantify a 
need of 0.48 tons of steam per tonne of methanol, if the reboiler and the reactor are thermally coupled. 
Nieminen et al. quantify the cooling need as 10.7 GJ/tMeOH and does not mention any heating duty [133]. No 
necessary external heat or cooling loads are mentioned in Van-Dal et al. [132].  

                                          
9 Temperature should be maintained below 300°C in order to avoid catalyst deactivation. 
10 The CAMERE (CAtalytic MEthanol synthesis via Reverse water gas shift) process developed by the Korean Institute of Science and 

Technology. 
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A precise explanation of the origin of the discrepancies between literature values is impossible without a specific 
in-depth analysis, nevertheless some differences can be justified by the dissimilar input/output pressures used 
in the synthesis, varying degrees and different configurations of heat integration, different reactor designs and 
target temperatures, and overall non-homogeneous process design choices. 

Quantifying an exact capital cost is quite difficult, but literature values are summarised in Table 4. 

All equipment cost are provided excluding electrolyser costs. 

 

Table 4 Methanol production plant CAPEX estimates taken from literature 

OPEX costs for running a methanol production plant should include the cost for sourcing CO2. 

2.4.2 Storage  

Large-scale storage of methanol is usually performed in carbon steel or 300-series austenitic stainless steel 
tanks much like flammable oil products such as currently used fuels [136]. Special care should be given to 

                                          
11 Excluding H2 production and CO2 capture 
12 TFCC = ISBL (inside battery limits) + OSBL (outside battery limits) + engineering + contingency 

Reference Capacity  

[t MeOH/d] 

Total capital 
cost11 

Cost definition in the reference 

[125] 1 320 €2014220 m Total fixed capital cost (TFCC)12 + working capital 

[133] 54.6 €201810.5 m Installed equipment cost 

[21] 635 €109 m Total installed cost (ISBL) 

[133] 12 

30 

150 

€20150.81 m 

€20152.2 m 

€20156.0 m 

Capital cost 

Capital cost 

Capital cost 

[119] 690 

608 

$201221.3 m 

$201238.2 m 

Capital cost (direct methanol synthesis) 

Capital cost (two-step methanol synthesis) 

[133] 1 000 €2016650 m CapEx 

[133] 1 190 $2016305 m Total capital cost 

[133] 195 €11 m Capital cost 

[135] 756 €201563.6 m Total Fixed Investments  
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safety, since methanol is a flammable volatile liquid, whose vapours have a higher flammability range than 
gasoline (the flammable range of methanol is 6-36 vol% while that of gasoline 1.4-7 vol%).  

2.4.3 Transport 

Methanol is a chemical commodity with a large market [114]. Methanol transport can be performed using ships, 
trains and trucks suitable for transporting hazardous chemicals. 

Several examples of bulk chemical carriers able to transport large quantities of methanol can be found (e.g.: 
see [137]). Their size can already be as large as 50 000 DWT (dead weight tonnage). Since methanol is defined 
as a Low Flashpoint Liquid (LFL), methanol cargo has to be transported according to the safety requirement for 
such goods. It is possible that the cargo needs to be protected with a gas blanket such as nitrogen.  

There is also a growing interest in using methanol as an alternative and more sustainable fuel in the shipping 
industry [138]. 

A newly-built, coated chemical tanker with a capacity of around 50 000 DWT should have a cost in the order of 
$(2020) 60m [106]. 

Transport of methanol in railcars is carried out using rail-tanks compatible with toxic substances and flammable 
liquids. An example of a suitable car is provided by a European manufacturer [139]. 

2.4.4 Unpacking 

Methanol steam reforming is the reference process for obtaining hydrogen back from methanol. Together with 
hydrogen, CO2 is also produced. The produced H2/CO2 stream should be purified and the emitted CO2 should be 
captured again (on-site, or from the atmosphere) if methanol is to be considered a carbon neutral fuel. While 
literature is available on designs for small scale applications targeted especially at fuel cells [140]–[142], it is 
difficult to find designs and specifications for the production of large amounts of hydrogen  [143], [144]. 

Methanol steam reforming can already occur at temperatures as low as 150-350°C and is an endothermic 
process. Methane formation occurs at lower temperatures, while higher temperatures favour increasing 
equilibrium amounts of CO [145]. High pressures shift the reaction toward the reagents. Group VIII metal-based 
catalysts, palladium in particular, can be used as catalysts and are compatible with processes exploiting higher 
temperatures [141], [146], [147], [148], [149], [150], [151]. Cu/Zn catalysts active for methanol synthesis can 
also be used for methanol steam reforming [141].  

Purification from CO and methane, and separation of CO2 and hydrogen from the product mixture are necessary 
steps and are strongly dependant on the type of application hydrogen is needed for. Balance of Plant of a 
methanol steam reformer has to include water supply and thermal management. 

Not much information is available on large–scale methanol reforming installations.  

The expected theoretical minimum thermal energy requirement for methanol reforming is quantified as 
28 GJ/tH2 [152], without the energy needs for purification13. Another source considers an ATR process and claims 
a minimum ideal consumption of 4.3 GJ/tH2 of electricity and 43.2 GJ/tH2 of heat [153]. The electricity 
consumption of a methanol steam reforming plant is quantified as 1.8 GJ/tH2 by an industrial plant supplier 
[143].   

The only available data on cost for a methanol steam reforming plant is from a presentation of Papadias et al. 
[154], reporting a capital cost of 662k$ for a production of 50 tons-per-day hydrogen and 396 k$ for a 
production of 350 tons-per-day hydrogen. Purification is included in the considered system [32]14.  

OPEX costs for running a methanol steam reforming plant should include water consumption. 

                                          
13 A thermodynamic minimum work for extracting all of the hydrogen from a mixture with a constant concentration of 75 mol%H2 at 298K, 

should be around 0.93 GJ/tH2. 
14 The boiler used for producing heat is using natural gas as fuel. 
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2.5 Liquid Organic Hydrogen Carriers (LOHC) 

 
Liquid Organic Hydrogen Carriers (LOHC) are molecules able to release or accept hydrogen under specific 
temperature and pressure conditions. Ideally the hydrogen carrier is liquid at ambient conditions, non-toxic, easy 
to handle, and has a sufficient hydrogen storage capacity [155]. These molecules have a hydrogen-poor and 
hydrogen-rich form (e.g. toluene / methylcyclohexane (MCH)). Aromatic hydrocarbons and heterocyclic 
compounds can be used as LOHCs, for example carbazoles, pyridines or pyrroles. An overview of the properties 
of several LOHC systems can be found in [156] or [157], among many others. Hydrogen is stored by catalytic 
hydrogenation of a LOHC molecule through an exothermic reaction and released in an endothermic reaction by 
catalytic dehydrogenation. Given processing with the appropriate catalyst material, both hydrogenation and 
dehydrogenation yield can be close to 100%, on the other hand, the kinetics of the dehydrogenation step might 
be low (e.g. [158]). The hydrogen-poor form typically has a high boiling point in order to facilitate the separation 
of the hydrogen from the liquid carrier material.  
 
LOHCs are easy to handle as they are typically liquid at room temperature and atmospheric pressure. Their 
physical properties are similar to fossil fuels, therefore existing infrastructure can be used, such as crude oil 
tankers for shipping. They can be charged and discharged several times, but most LOHC systems will experience 
some degradation associated with cycling. Depending on the system, the losses range from 2.5% to 0.015% 
per cycle [159], [160]. It should be noted that the dehydrogenated carrier has to be transported back to the 
hydrogenation plant. LOHC have advantages over other options of hydrogen delivery in terms of safety. Storage 
in these types of compounds offers intrinsic safety, as the release of hydrogen requires heat and a specific 
catalyst. These systems also enable long-term, loss-free storage of hydrogen with a reasonable volumetric and 
gravimetric density.  
 

The LOHC concept was first proposed by Exxon researchers back in 1975, and a patent was filed in Canada a 
few years later by a different research group for the benzene/cyclohexane system [161]. This system has some 
major drawbacks as benzene is highly toxic, and the enthalpy for release is high at -68.7 kJ/mol H2. Moreover, 
the reactants are gaseous at reaction conditions, which makes it difficult to separate the hydrogen. Beginning 
in the 1990s with researchers at the PSI in Switzerland, research has been conducted into the toluene/MCH 
system. This system has a similar enthalpy of –68.3 kJ/mol, and a gravimetric storage capacity of 6.1 wt% H2 
[157]. Catalyst materials based on Pt for dehydrogenation and Ru for hydrogenation have been tested 
successfully [157]. The Japanese company Chiyoda is developing large-scale hydrogen transport via ships based 
on the toluene/MCH system. This LOHC system has many advantageous properties, however the decomposition 
temperature is high at 350˚C, and for each cycle toluene has to be replenished (2.52% due to dehydrogenation 
losses) [154], necessitating hydrogen purification.  Many other possible LOHC compounds have been 
investigated, but most systems have drawbacks such as high cost, energy demand or toxicity. N-ethylcarbazole 
has been the object of a high number of investigations due to its low dehydrogenation temperature of 128˚C 
[162]. Unfortunately, the dehydrogenated form has a high melting point of 69˚C, making it rather impractical 
in terms of handling.  

In Europe, the SME Hydrogenious was developing a hydrogen transport solution based on dibenzyltoluene (DBT) 
and its perhydrogenated counterpart (H18-DBT). This system has a hydrogen storage capacity of 6.2 wt%.  DBT 
is a commercial product used as a heat-transfer fluid (with commercial names such as Marlotherm SH, amongst 
others). As it has a high thermal stability, low volatility and a viscosity similar to diesel (in the hydrogenated 
form), it is seen as one of the more promising hydrogen carrier systems [160]. Due to the high cycling stability 
and dehydrogenation temperature of 250˚C, this system was selected for this study, rather than the 
toluene/MCH system. In terms of safety, Marlotherm SH is not classified as being an oral or dermal toxicity 
hazard, but is a Category 1 aspiration hazard and chronic hazard to the aquatic environment, Category 415, 
according to the safety data sheet [163]. It is not a dangerous good according to the ADR16 [162].  There is no 
data available about the toxicity of H18-DBT [164].  

                                          
15 Category 4 being the lowest level of hazard.  
16 ADR stands for Accord européen relatif au transport international des marchandises dangereuses par route, which translates as The 

European Agreement concerning the International Carriage of Dangerous Goods by Road. 



22 

 

2.5.1 Packing 

Hydrogenation of aromatic hydrocarbons is a standard process often used in the chemical industry, and is 
carried out at Mt scale [162]. Costs for a plant for the hydrogenation of toluene have been estimated at USD 
16 000 per tpd MCH [165]. A plant able to process 100 000 tH2/year would therefore cost around USD 80 m.     

2.5.2 Storage 

LOHC can be stored in large quantities at ambient conditions in double-walled containers, as used for crude oil 
or diesel. LOHC has been proposed for seasonal energy storage, as there are no losses during storage.  

2.5.3 Transport 

It is expected that, due to its similarities with crude oil or chemical products, LOHC will be transported using the 
same transport solutions as the ones used for those products. This represents an advantage for this type of 
packaging mode since there is no need for development of new transport technologies.  

The high viscosity, in particular of the hydrogenated compounds of some of the LOHC options, might require 
heating or suitable pumps for handling. The HYSTOC project has been investigating the potential of a mixture 
of DBT and BT, which would lower the viscosity. Experiments showed that the kinetics were improved as well 
[166].  

Transport by sea / inland waterways could take place using oil tankers or, if the toxicity of the LOHC is an issue, 
in chemical tankers. Oil tankers’ capacities usually range between 10 000 and 320 000 DWT  per ship, going 
up to 550 000 DWT for ultra-large carriers [167]. Chemical tankers are usually smaller than oil tankers and 
their average cargo capacity is around 30 000 tonnes [168]. In the case of oil tankers, prices for newly-built 
ships range between 350-800 USD/tonne of cargo [169]. Transport by road or railway of LOHC can be performed 
in an analogous way to oil or chemical products [170], [139]. Railcars for these products have capacities above 
70 cubic meters per unit, and their price is estimated to be around USD 135 000 [171]. In the case of transport 
by road, LOHC could be stored in tanks that can be placed on top of trailers suitable for road transport. A 40 
tonne tanker truck could transport between 1.5 - 2 tonnes of hydrogen.  

Moreover, it is also possible to use intermodal tank containers that would allow its use in road, railway and 
waterways transport. These intermodal tank containers are usually T11 UN portable tanks [172] (T14 if the 
material to be transported falls under the category of hazardous chemicals). Finally, LOHC can be transported 
by pipelines, as is done with crude oil.  

One disadvantage of LOHC compared to other hydrogen packaging modes is that the dehydrogenated LOHC 
must be transported back to the hydrogenation plant. This is applicable to any LOHC transport option and 
particularly relevant in the case of transport by pipelines. In this case, since LOHC physical properties change 
with the level of hydrogenation [173], it is possible that dehydrogenated LOHC is more viscous than 
hydrogenated LOHC (e.g. in the case of DBT) and would require more pumping work and probably larger 
diameter pipelines than that needed for transporting hydrogenated LOHC.  

2.5.4 Unpacking 

The dehydrogenation of LOHCs has a high energy demand as the strong C–H bond has to be broken. Typically, 
a dehydrogenation temperature ranging from 150-400°C is needed to reach reasonable hydrogen release rates 
[174]. This endothermic reaction is catalysed by a PGM catalyst and usually takes place at pressures below 1 
MPa [175].  The heat for the dehydrogenation reaction can be supplied either by electricity, combustion of 
hydrogen or natural gas, or by waste heat, if available.  

Even if not directly consumed when hydrogen is released, LOHC will likely experience a decline in storage 
efficiency due to degradation associated with cycling. The number of cycles that a LOHC molecule can endure 
can be determined by measuring the amount of by-products produced during each charge/discharge cycle [65]. 
The cycling stability of DBT is likely to be high, with 750 – 1 000 cycles reported in literature [176]. For the 
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toluene/MCH system, hydrogen will need a further purification step due to the decomposition of the carrier 
during dehydrogenation, and the number of cycles is limited, with assumed toluene losses of 0.84% per cycle 
[32]. 
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3 Methodology 

The starting point of this analysis is retrieving a set of information regarding costs and energy demand from 
public literature and in some cases private companies (section 5). Literature data was carefully reviewed, and 
for some technologies and processes, considerable discrepancies between various sources were found. 
References were selected in which more detailed and well-founded justifications were given. For several 
components and technologies of the hydrogen delivery chain, industry experts were consulted to provide 
information regarding costs and other key parameters. Detailed information regarding the assumptions for each 
of the transport options is given in Section 5 and Annex 2.   

Due to the large variation in assumptions found in literature, discussions were held with the authors of two 
studies on this topic, namely the ‘Future of Hydrogen’ report by the IEA [177] and a paper by Ishimoto et al. 
[178]. This dialogue helped to clarify some of the differences in the outcomes between the studies. More detail 
is provided in Section 6.6. 

The figures from literature sources are complemented by assumptions and extrapolations required to model 
large capacities, or a technology not characterized well enough by the sources collected. Calculations have been 
performed when the information available in literature was insufficient. One example is pipelines, where 
literature sources were often in disagreement and provided a wide range of costs. For pipelines, this study 
describes the operation of the pipeline by using a simple pressure-drop model. The pipeline was considered as 
a straight line with no changes in altitude. A bottom-up calculation of costs was performed, based on material 
use and other cost components such as right-of-way and operation and maintenance, with data compiled from 
a large set of sources (see Annex 2).  

The collected information is summarized in a database, which is then used to assess specific case studies (see 
section 4). A summary of the key assumptions for each pathway can be found in section 5.5 and Annex 0. The 
database allows for the modification of the transport distance and the amount of transported hydrogen. Any 
hydrogen delivery pathway is broken down into simple constituent individual steps (Figure 1, i.e. hydrogen 
storage, hydrogen transport, conversion plants at production and delivery points, purification, compression), and 
the energy demand and costs assessed for each. For conversion plants, costs can be calculated for various 
capacities (see the description of case A and B in section 4), whereas the energy demand is deemed constant 
irrespective of scale. For transport segments, the size and number of ships assumed was adapted to the yearly 
transported hydrogen capacity; for pipelines their size was adjusted according to the amounts of hydrogen 
transported.  

For cost data taken from literature, the domestic inflation rate was used to adjust for inflation, as given by 
reference [179] and [180]. Historical exchange rates were taken from [181]. A final conversion from non-Euro 
currency was applied and a May 2020 rate was used (e.g.: 1 USD=0.919456 EUR). No geographical localisation 
factors were considered for our analysis. Due to the intrinsic uncertainties present in the starting data and our 
scaling method, it is deemed that this decision does not significantly impact the viability of the obtained results. 

No parameters other than distance and amount of hydrogen transported are required as inputs and 
geographical specificities for the production and delivery points are implicitly taken into account through the 
definition of an electricity price (see section 5.3). For the considered conversion technologies, information on 
costs and energy demand were especially scarce, or based on not yet established technologies. The relevant 
available information was typically found for much lower capacities than those needed to process the amounts 
of hydrogen considered in this study (see section 4). A scaling factor methodology has therefore been applied, 
to provide a rough order-of-magnitude estimate for plant cost [182]. This approach is based on the use of the 
known costs for a plant of smaller capacity, which is then scaled up using an exponential factor. The capital 
costs of two plants using the same technology, but having different scales are linked by the equation: C1 = C2 
(S1/S2)n; where C1 is the ISBL17 capital cost of the plant with capacity S1 and C2 the ISBL capital cost of the plant 
with capacity S2 [182]. The exponent n depends on the type of process considered and is often around 0.6 (‘six-
tenth rule’) (see e.g. [182]). For this study, typically an exponent of 0.67 was used, up to a specific maximum 
plant capacity, which differs for each pathway due to the varying maturity of the technologies. This maximum 
capacity assumed is in the region between 200-350 tH2/day, for plants larger than this maximum capacity, no 
further cost savings from upscaling are considered.  

                                          
17 Inside battery limits 
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In some cases a different exponent was used, as described in section 5.5, if indicated in literature, or if the 
available information on a particular process is deemed to imply a different scaling factor. The limits of this 
method have been extensively highlighted in literature [182], but it offers a quick way for roughly assessing 
the approximate order of magnitude of the costs expected for building packing, unpacking and transport 
infrastructure powered by electricity and dedicated to renewable hydrogen transport. As information on the 
CAPEX of various technologies, in particular for the packing and unpacking plants was scarce, the uncertainty 
for this aspect of the cost calculations is high. Also many references were not clear whether the CAPEX stated 
referred to ISBL or the complete costs for the plant. In case of doubt we decided to assume the latter.  

OPEX, unless noted otherwise, does not include energy costs.  

It should also be noted that all of the packing/unpacking technologies considered, even if already used in real-
world installations, are at a much lower technology readiness level than the usual industrial installations 
currently using fossil fuels. Moreover, several of the technologies have never been deployed at a scale even 
close to the ones considered in this study, even considering the maximum plant capacity limitation as specified 
above. This situation is illustrated using methanol as an example in Figure 3. In this figure it is possible to 
observe how the literature data available for CO2 hydrogenation to methanol plants do not achieve the scale 
required for transporting the largest hydrogen volumes. More research is needed to be able to quantify the 
maximum economically reasonable and technically achievable conversion plants dimensions able to exploit 
savings from economies of scale (as expressed by the ‘six-tenth rule’ described above), see also section 8.3. 

 

Figure 3 Methanol plant capacities  

 

Source: compiled by JRC from available literature data, see section 2.4.1 

The size and type of the required transport fleet depends on the packaging mode. As outlined in section 4, the 
means of transport used to deliver hydrogen are at different stages of technological readiness depending on 
the type of carrier considered. DBT and ammonia can be transported in already available conventional oil 
tankers and refrigerated chemical tankers, respectively. By contrast, liquefied hydrogen will need to be 
transported in large carriers with a new, but similar design, to liquefied natural gas (LNG) carriers. Compressed 
hydrogen will be delivered in tanker ships analogous to those transporting compressed natural gas (CNG). The 
latter two have not yet been fully developed, although efforts are already underway, see for example Section 
2.2.3 for LH2.  
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Ships were scaled according to the volumes of hydrogen considered, up to a maximum capacity limit defined 
by available information on existing ships. Restrictions imposed by shipping routes, such as the maximum ship 
size for a particular passage were considered. Once the maximum ship size was reached, the number of shipping 
units were increased if needed. For trucks and trains the maximum transport capacity is regulated, and these 
limitations have been taken into account. For trains, when available, information on technical specifications for 
European markets was given preference and a rail convoy length of 750 m coupled with a locomotive was taken 
as the maximum rail single transport unit. 

It should be noted once more, that there is a significant level of technical uncertainty in the assessment 
presented in this study. Firstly, there are, to date, few working examples of some of the processes examined 
and actual field data are extremely scarce. Most of the used sources are based on results coming from chemical 
process simulations. Secondly, the scale of the considered processes is often small compared with the volumes 
considered. In order to improve the accuracy of this type of assessment, more data will be needed, in particular 
on plant costs (see Section 8.3).  

Nevertheless, this study allows for a semi-quantitative ranking of costs for hydrogen transport options within 
the technological boundaries defined by the chosen set of assumptions.  



27 

4 Case studies  

To investigate which renewable hydrogen delivery pathways are favourable in terms of energy demand and 
costs, JRC has developed a database and an analytical procedure to assess each step of the pathways, under 
the assumptions defined for two case studies. These case studies were inspired by plans of the hydrogen 
industry in 2020, as expressed in proposed projects for the hydrogen IPCEI (Important Projects of Common 
European Interest) [183]. The case studies as described below are loosely based on project ideas put forward 
by the industry.  

The database developed (see section 3) was used to model two hypothetical cases: 

 

Case A is based on the delivery of 1 million tons of renewable hydrogen per year to a single industrial customer, 
via a direct transport pathway, using a dedicated pipeline or shipping route. The transport distance considered 
is 2 500 km for shipping and pipelines (see Figure 4). No further distribution is assumed, the hydrogen end-
user site is presumed to be close to the port. One million tons of hydrogen would be sufficient, for instance, to 
supply a very large steel plant (15 Mt steel/year) using direct reduction of iron ore with hydrogen, or a large 
industrial cluster. The final hydrogen purity is considered to be compliant to ISO 14647, although it should be 
noted that for this type of customer, the hydrogen purity requirements are possibly less stringent. For more 
detail on Case A, see section 5.2.  

Figure 4 Schematic representation of Case A 

 

Source: JRC, 2022 

 

Case B aims to represent a more complex delivery route with 100 000 tons of renewable hydrogen delivered 
every year to a network of 270 hydrogen refuelling stations (HRS), each with a dispensing capacity of 1 tH2/day 
(see Figure 5). The first leg of the transport route is similar to Case A (2 500 km) and consists in a single 
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dedicated delivery route to a port. Both shipping and pipelines were assessed for this part of the delivery route. 
However, as pipelines were much more costly than shipping for all options, due to the low volume being 
transported, the results are not shown in Section 6.2. Hydrogen is then further distributed within a radius of 
500 km through a combination of railway (400 km) and road transport (100 km). In this case, the hydrogen 
delivered at the refuelling station should comply with the hydrogen purity and pressure levels required for 
mobility applications (ISO 14647 and 50 MPa delivery pressure). For all pathways, except for LOHC, the last 
segment of the distribution route is presumed to be in the form of hydrogen, CGH2 or LH2. The chemical carriers 
are converted to hydrogen at the railports. For LOHC, the dehydrogenation at the site of the HRS was also 
assessed.  

For Case B, the scenario where hydrogen is distributed only by pipelines is not included in the analysis presented 
here. It requires a more complex analysis, which is part of ongoing work. 

Figure 5 Schematic representation of Case B 

 

Source: JRC, 2022 
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5 Assumptions 

5.1 General assumptions 

This study’s objective is to determine the cost and energy demand related to the transport of large amounts of 
green hydrogen over long distances.  

For packing/unpacking often the technologies are existing and commercially available, but currently not 
developed at the scales needed, or with the process efficiency assumed in this study. The values used are based 
on the closest existing technological application (e.g. LNG for LH2). As explained below, in terms of technological 
development, likely, but not overly optimistic assumptions were made, based on literature and information from 
experts. A similar approach was taken regarding hydrogen storage (gaseous and liquid).  

Supply of hydrogen as input for the delivery chain is considered as always available and provided at a pressure 
of 3 MPa. The supply of hydrogen is assumed to be provided from an underground storage facility, as the 
electrolysers are operating at 50% capacity. The price of electricity is considered as constant, defined only by 
location. A well-defined difference between electricity costs in the production and the delivery points is assumed.  

The hydrogen lost along the transport chain, either to provide energy (e.g. use of the carrier as fuel for ammonia 
cracking), or to compensate hydrogen losses that may happen along the transport chain18 is quantified and 
accounted for. The hydrogen capacities for the pathways experiencing losses are scaled up accordingly, to 
ensure that the amounts specified for each case are delivered to the end-user.   

The authors of this study believe that not only the production of hydrogen, but also the whole delivery chain, 
including both the conversion and reconversion of the hydrogen, as well as its transport, should have as low 
GHG emissions as possible. When technically possible, the approach of our analysis considers electricity-
powered options for the conversion and reconversion processes as the most suited to reduce carbon 
emissions19. Therefore, we assume that the energy required for the packing and unpacking processes is provided 
by either green electricity, or combusted renewable hydrogen (directly in its molecular form, or in the form of a 
carrier such as ammonia or methanol), or waste heat in the case of LOHC. For the latter, hydrogen and electricity 
for the provision of energy for the dehydrogenation process are also assessed.  

If available, the transport means used in this study for transporting hydrogen on sea, or land, are considered to 
be based on currently available technologies that rely on biofuels for their propulsion (see also section 1.2.). 
The use of electricity, synthetic fuels or hydrogen as transport fuels would imply the use of technologies that 
are in their early stage of deployment (e.g. fuel cells, or electric trucks), or which do not exist yet (e.g. big ships 
propelled with hydrogen, or ammonia), increasing significantly the final cost of the hydrogen delivered and the 
technical uncertainties already present in our analysis. However, 50% of the rail lines are considered to be 
electrified.  

In general, transport logistics have been optimised as far as possible, in terms of transport time, capacity and 
storage size. The time allocated to the loading/unloading process depends on the carrier.   

Unless it is indicated otherwise, the utilisation factor of equipment is defined at 90%.  

More details are provided in the following section.  

5.2 Case study assumptions 

5.2.1 Packing/Unpacking 

The scale of installations for Cases A and B are defined based on the amount of hydrogen to be delivered to 
the final user in a year (1 MtH2 and 100 ktH2). All the packing and unpacking plants are assumed to be operated 

                                          
18 Such as the hydrogen need for replacing the boil-off of liquefied hydrogen, or the cushion gas that remains in compressed hydrogen 

underground storages. 
19 The carbon footprint of the used electricity will influence the actual GHG footprint of the process.   
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for 333 days in a year. Extra packing (and transport) capacity is added where necessary, to account for losses 
across the delivery chain (e.g.: fuel use for unpacking). A lifetime of 30 years is used for most20 industrial 
installations and a discount rate of 5% is used to calculate the annualised capital costs [155].  

The energy demand for compressors used in the packing and unpacking processes is assumed to be met by 
electricity. Heat, such that required for the ammonia cracking process, is assumed to be met using a mix of 
ammonia and hydrogen as fuel; for LOHC dehydrogenation can use heat supplied by electricity, or hydrogen, or 
employ a source of waste heat (the latter examined only in Case A). For ammonia cracking, the high temperature 
needed is not deemed suitable for electrical heat (see section 5.5.3.4). In the case of LOHC, the availability of 
waste heat would enable lower costs for the dehydrogenation process (see section 5.5.5.4 ).  

It is assumed that hydrogen is delivered at the same conditions in each pathway, i.e. CGH2 at 7 MPa in Case A 
or at 50 MPa in Case B.   

Due to potential contamination of hydrogen during its delivery, and depending on the requirements of the final 
application, a purification step may be required. Nowadays, most hydrogen purification systems are based on 
Pressure Swing Adsorption (PSA) technology. Alternative purification systems to PSA can be based on 
technologies such as cryogenic distillation or membrane technology. Purification was assumed for all chemical 
carrier based delivery pathways.  

 

5.2.2 Storage 

Storage sizes are dimensioned to provide a certain degree of security of supply, in case some part of the delivery 
chain fails (due to maintenance or unexpected events). Storage capacity at import and export terminals of the 
ports is defined as two times the capacity of the ship connecting both terminals. At HRS, the storage systems 
hold at least 3 tonnes of hydrogen (i.e. supply for 3 days). For pipelines, carrier storage was considered at the 
point of packing and unpacking.  

Storage technology depends on the carrier to be stored and therefore are different in each pathway. However, 
all pathways include an underground (salt cavern) compressed hydrogen storage located between the hydrogen 
production facility (i.e. electrolyser plant) and hydrogen packing plant (e.g. ammonia synthesis plant). Capacity 
of this underground storage is defined to cover the hydrogen packing plant demand for 3 days. 

5.2.3 Transport 

Logistics have been optimised to minimize CAPEX and storage needs. It is assumed that, in the ports, specific 
new infrastructure needs to be built for LH2 and CGH2, but not for chemical carriers, (this study considers that 
infrastructure is already available for these chemical carriers).  

Biodiesel is the fuel choice for ships, diesel trains, and trucks. This choice aligns with a more decarbonised 
hydrogen delivery chain. Biodiesel  price is defined at 780 EUR/t [184] for ships and trains. In the case of trucks, 
biodiesel price is assumed to be double (1 460 EUR/t), to account for additional taxes and intermediary costs 
(refuelling stations). Lower heating value of biodiesel used in calculations is 37 MJ/kg [185]. Fuel consumption 
is calculated assuming that the return trip is performed empty (except for LOHC pathways). 

Each type of transport has a set of individual assumptions, which are described below: 

Ship: 

The type of ship is chosen according to the carrier considered (e.g. chemical tanker in the case of ammonia). 
Ship capacity is optimised and scaled according to the needs of the particular pathway and case. Due to this, 
relevant data on ships is found in the correspondent pathway assumptions section. They are assumed to 
navigate at full speed, which is between 14-19 knots, (26-35 km/h), depending on the type and size of the ship. 

                                          
20 For some as yet unproven technologies a lifetime of 20 years is assumed (dehydrogenation of LOHC, liquefaction).  
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If not available in literature, the fuel consumption of the ship considered is calculated considering an engine 
efficiency of 40%. 

Train: 

A train is formed by a locomotive pulling a convoy of either flat platforms carrying containers or carrier-specific 
rail cars (e.g. rail car chemical tanker [139]).  Locomotive size is determined based on the weight of the cargo 
they are meant to carry, following [186]. Length and weight of the train convoy, as well as the type of wagons, 
changes depending on the pathway, therefore relevant assumptions on locomotive and wagons is provided in 
the respective pathway assumptions section. Nevertheless, the maximum length of a train convoy is set at 750 
metres. CAPEX for locomotive and flat wagons (for containers) is calculated from [187].  

Two train technologies are considered, diesel and electric. Final costs for this transport mode is obtained as an 
average value between the two technologies. Train energy average consumption is defined at 0.19 MJ/t km in 
the case of (bio)diesel trains and 0.07 MJ/t km in the case of electric trains, both according to [188]. An average 
speed of 50 km/h is assumed [189]. 

No railway transport fees have been included in the total costs. 

Trucks: 

When transporting containerised solutions, trucks considered are comprised of a tractor head and a platform 
(where the container is placed). CAPEX of a tractor head is around 115 000 EUR, as provided by [190] For the 
platform CAPEX, a value of 60 000 EUR [40] is used. If the road transport is by truck tankers, then the truck is 
comprised of a tractor head and the tanker trailer. Relevant data on tanker trailers are given in the assumptions 
section related to their correspondent pathway, since they are specific to the carrier they transport (e.g. 
ammonia). 

Truck average energy consumption is estimated at 0.8 MJ/t [188]. Truck operational costs (not including fuel 
costs) are obtained from [191]. An average speed of 50 km/h is also assumed for trucks [189]. 

Time for unloading and loading depends on the type and the amount of cargo, therefore, this is specified for 
each pathway in their corresponding section. 

 

5.2.4 Case A 

For Case A it is assumed that the industry customer demand is for hydrogen at a pressure of 7 MPa and purity 
according to ISO 1464721. For the three pathways involving chemical conversion at the end-user site, an 
underground salt cavern hydrogen storage facility with a capacity of 8 and 12 kt is included in the costs, to 
account for the fact that the processing plants only operate 333 days out of the year. This storage amount is 
equal to 3 days of demand of the industrial customer.  

Specific assumptions for each pathway are listed below.  

CGH2 

• Shipping at 25 MPa pressure. 

• Pipeline pressure up to 7 MPa. 

LH2 

• Re-liquefaction of boil-off produced during transfer to the ship. 

                                          
21 Many industrial applications will not need this purity level of hydrogen, and costs for some of the delivery routes can be reduced.  
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• Boil-off during transport is considered as lost. 

 

Ammonia  

• Purification of hydrogen with PSA.  

• Cracking/purification process results in a final pressure of 25 MPa, and an energy/cost bonus is 
considered for the overpressure of 18 MPa.   

 

Methanol  

• Purification of hydrogen with PSA. 

 

LOHC  

• Purification of hydrogen with PSA.  

 

5.2.5 Case B 

For Case B, the HRS customer demand is assumed to be for hydrogen delivered at a pressure of 50 MPa and 
purity according to ISO 14647. In this case, containerised solutions for hydrogen transport by ship are also 
considered. 

From the ports, the hydrogen or chemical carriers are transferred to rail. The unpacking is assumed to take 
place at the railport, as smaller scale plants at the HRS sites did not seem feasible, except for LOHC. No 
underground hydrogen storage is deemed to be needed at the railport. The last segment of the delivery route 
is per truck, either CGH2 at 50 MPa or LH2. For LOHC, the option to dehydrogenate the carrier at the HRS was 
also considered.  

Specific assumptions for each pathway are listed below.  

CGH2 

• Shipping at 25/50 MPa pressure. 

• Pipeline pressure up to 7 MPa. 

• Train and truck delivery pressure of 50 MPa. 

 

LH2 

• Re-liquefaction of boil-off produced during transfer to the ship. 

• Boil-off during transport is considered as lost. 

• Train and truck delivery as LH2. 
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• Boil-off during liquid hydrogen transport by train and truck is not accounted for. 

• Compression to 50 MPa at HRS 

 

Ammonia  

• Ammonia cracking at railport location, truck distribution as CGH2 (at 50 MPa). 

• Purification of hydrogen with PSA.  

 

Methanol  

• Methanol reforming at railport location, truck distribution as CGH2 (at 50 MPa). 

• Purification of hydrogen with PSA.  

 

LOHC  

• Case B-1 Dehydrogenation at railport location, truck distribution as CGH2 (at 50 MPa). 

• Case B-2 Dehydrogenation at HRS. 

• Purification of hydrogen with PSA.  

• Compression to 50 MPa at HRS 

 

 

5.3 Energy price assumptions 

In our model, energy prices play a relevant role in the final cost of hydrogen transportation. This study considers 
different electricity prices depending on the location considered. Electricity price at the hydrogen production site 
is assumed to be cheaper than the one at the demand point; otherwise green hydrogen production would 
reasonably take place at the demand site. 

As key fundamental assumption of our model is to consider that a nearby renewable power plant provides, by 
means of an isolated electric grid, all the electricity required for hydrogen production and conversion into the 
hydrogen transport carrier. In this way, the direct supply of electricity to the hydrogen production and packing 
plants will avoid the taxes and tariffs usually related to electricity provided via a national grid. Therefore, 
electricity price in the production site is closer to a LCOE (Levelised Cost of Electricity) than to an actual 
electricity price. 

It is assumed that hydrogen production, packing and shipment sites will be located close to renewable electricity 
generation, benefiting from relatively low electricity prices which will not be much above their generation cost.  
By contrast, the cost of electricity used during transport (e.g. pipeline compressors) and for unpacking at the 
delivery site, is assumed to be higher, i.e. the local retail price for large European industrial consumers. To assess 
the impact different electricity price have, two scenarios are explored (see Table 5):  
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(1) Low price (Lo), with a production site electricity price of EUR 10/MWh and a consumption site electricity price 
of EUR 50/MWh;  

(2) High price (Hi), with a production site electricity price of EUR 50/MWh and a consumption site electricity price 
of EUR 130/MWh.  

The low electricity prices are an estimation of future electricity prices (2030+) based on renewable electricity 
cost trends [192] and the recent announcement of a record low price for renewable electricity of EUR 
11.14/MWh [193]. The high electricity price scenario is based on the current electricity prices, as 50 EUR/MWh 
from renewables have been reported to be feasible today [194], and the demand side prices are those typical 
for an industrial customer in Germany today [195].   

For Case A (industrial use of hydrogen), it is assumed that in the delivery site there is the option to source waste 
heat at 300°C, since in this type of industrial setting waste heat may be available. Information on the cost of 
waste heat is not readily available, so the price was set to a value considerably lower than that of heat provided 
by NG, at a price of EUR 20/MWh.  

For the hydrogen demand site, the (local22) electricity grid provides the electricity required for the extraction of 
hydrogen (in the case of carriers) and/or the conditioning of the hydrogen before the final use (e.g. compression, 
purification, regasification etc.). The same assumption is made for the electricity used during the transportation 
of hydrogen (e.g. electric trains or pipeline compressors). 

As mentioned in section 5.2.3, biodiesel is the fuel choice for ships, diesel trains, and trucks. For ships and trains, 
a biodiesel price of 780 EUR/t is defined from [184]. In the case of trucks, biodiesel price is assumed to be 
double (1 460 EUR/t), to account for additional taxes and intermediary costs (refuelling stations). 

 

The two chosen sets of electricity prices are shown in Table 5.  

Table 5. Electricity prices depending on location and scenario. Source: literature data, see text. 

Scenario Production site Demand site 

High electricity price (Hi) (EUR/MWh) 50 130 

Low electricity price (Lo) (EUR/MWh) 10 50 

 

5.4 Hydrogen production assumptions 

The cost per kilogram of hydrogen is used to account for the cost of any additional hydrogen lost across the 
delivery chain and not delivered to the final user. Additional hydrogen is needed due to boil-off, or if part of the 
hydrogen is used to provide heat necessary for cracking or de-hydrogenation of carriers.  

Based on the two scenarios for electricity price outlined in the previous section, two different hydrogen costs 
have been established, 3.5 EUR/kgH2 for the high price scenario and 1.5 EUR/kgH2 for the low price scenario To 
calculate these values we have considered two main electrolyser technologies: PEM and alkaline. The final 
hydrogen cost is based on an average between the values obtained for each of the two technologies, as they 
are assumed to be deployed equally. The electrolysers are assumed to be operating at 35% capacity, coupled 
to a solar renewable energy production plant. To buffer the intermittency of the hydrogen output, a salt cavern 
hydrogen storage facility is assumed. This salt cavern is scaled according to the demands of the pathway. The 
relevant electrolyser parameters used for the hydrogen cost calculation are presented in Annex 2, Table 16.  

 

                                          
22 Assuming that this electricity can be provided without, or with low tariffs, or grid fees.  
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5.5 Pathway assumptions 

The hydrogen delivery chain has been divided into several steps (see Figure 6). Specific assumptions for each 
of the delivery options are summarized below. Hydrogen or carrier storage is necessary at the ports, also 
referred to as import and export terminals, and at the site of the packing and unpacking plants. Unpacking 
includes a compression and purification step, where needed.  

 

Figure 6 Hydrogen delivery steps 

 

Source: JRC, 2022 

 
 

5.5.1 Compressed hydrogen 

5.5.1.1 Packing 

It is assumed that compressors operate for 50% of the time. This means that installed compressor capacity is 
double that which is strictly necessary. Compressors are designed considering a pressure output 2 MPa higher 
than the delivery pressure, to compensate for pressure losses that might exist between the compressor and the 
system receiving the CGH2. The CAPEX and energy demand for the compressors depends on the capacity and 
compression ratio and are calculated based on information from industry experts, and the authors’ own 
calculations based on fundamental gas equations or simple physical assumptions in the case of liquids (see 
Annex 2 Table 17). For the calculation of energy demand it is considered that compressors have an isentropic 
efficiency of 85% and an engine efficiency of 95%. 

Compression at the production site takes place in two stages, with an intermediate underground storage at 
10 MPa. In the first stage, the compressor system connects the electrolyser plant to the underground storage. 
Compressor capacity is defined by the flow-rate of the hydrogen production plant. The second compressor stage 
is used to supply hydrogen from the underground storage to the CGH2 ship tankers. The delivery pressure of 
this compressor is defined by the storage solution chosen for the transport by ship, either bulk at 25 MPa or 
container solutions at 50 MPa. Compressor capacity is defined by the ship storage capacity and the 
loading/unloading time, which is assumed to be 24 hours for each process. An additional 6 hours are included 
to account for preparatory operations necessary for the transfer of hydrogen (e.g. connection/disconnection 
between compressor and tanker or mooring of the tanker).  

For Case B, where the transport by sea is performed with CGH2 ship tankers (25 MPa), a compressor system is 
necessary at the port to bring the pressure level up to the 50 MPa needed for further transport by rail and truck 
(in MEGC).  

5.5.1.2 Storage 

Storage of compressed hydrogen is done in underground salt caverns, near the export terminals. It should be 
pointed out that in real conditions, local geology might not allow this. Underground hydrogen storage pressure 
is assumed to be 10 MPa. The volume of the storage caverns is defined summing up the capacity of two 
hydrogen ship tankers plus the volume of cushion gas considered (30% of total volume). Therefore, the volume 
of an individual underground storage system considered in this study is around 585 000 m3 (for both Case A 



36 

and B). CAPEX of these salt caverns have been estimated from formulas provided in [32], obtaining a value of 
almost 65 MEUR per cavern. 

In Case B, as transport by train and truck is already done with MEGC, there is not the need for dedicated CGH2 
storage at railports and HRS, since the MEGC serves as storage. If CGH2 is transported in containerised solutions 
from the point of origin, then the same applies to the storage of hydrogen at export and import terminals. The 
MEGC considered is based on the X-STORE® system developed by Hexagon Purus GmbH [39]. It stores hydrogen 
at 50 MPa with a total capacity of 1 115 kg of hydrogen. It is considered that this MEGC would be emptied 
down to 2 MPa, providing a real capacity of 1 058 Kg of hydrogen. The dimensions of these systems are equal 
to those of a 40 ft ISO container. Cost of these units is based on [40], obtaining a CAPEX of around 0.9 MEUR 
per unit.    

5.5.1.3 Transport 

.  For Case A, it is assumed that compressed hydrogen is transported by sea with hydrogen gas tankers. 
Alternatively, compressed hydrogen can also be transported by pipelines.  For Case B, transport by sea is 
performed either in bulk (hydrogen gas tanker) or in the containerised solutions (MEGC) described in section 
5.5.1.2  by container ships.  

A compressed hydrogen gas tanker ship is defined as a bulk carrier ship transporting CGH2 storage systems 
based on CNG storage system [196]. The hydrogen is assumed to be transported at 25 MPa on this type of ship. 
The CGH2 tanker has a capacity of 1 370 tonnes of hydrogen (150 000 DWT), however, it is considered that 
hydrogen tanks on board these tankers can only be emptied down to 2 MPa. Therefore, the real ship capacity is 
around 1 245 tonnes of hydrogen. Fuel consumption is estimated from [197].  

Container ships (Case B) considered can transport up to 5 800 Twenty-foot equivalent units (TEU). This is 
equivalent to 2 900 units of 40 ft containers, providing a hydrogen capacity of around 3 000 tonnes. Fuel 
consumption and relevant costs for this type of ship are calculated combining data from [198], [199], [200], 
[201].  

The train convoy comprises 48 wagons (i.e. 48 MEGC systems), with a total hydrogen capacity of around 
50 tonnes per train. It is considered that a (full) MEGC convoy is delivered at the railport, where another (empty) 
MEGC convoy is ready to be transported back to the import terminal (port). In this way, the train does not need 
to wait for the full MEGCs to be removed from the rail car platforms [202] and the empty MEGCs to be relocated 
back. Despite the investment on additional rail car platforms that this solution requires, the improvement on 
logistics (less loading/unloading time) reduces the final cost of the hydrogen delivered. The time considered to 
disconnect the locomotive from one train convoy (e.g. full convoy) and to connect it to the other (e.g. empty 
convoy) is 4 hours. CAPEX is 2.8 MEUR in the case of a diesel locomotive, and 2.1 MEUR if the locomotive is 
electric. 

It is assumed that a truck can carry a single MEGC unit between railport and HRS. CAPEX is calculated at 175 000 
EUR, for the tractor head and trailer (excluding the MEGC). A full MEGC is left at the HRS and an empty MEGC 
is loaded on the truck. This operation is assumed to last 1.5 hours. 

5.5.1.4 Unpacking 

For the unloading of CGH2 ship tankers in Case A, it is considered that there is a first stage where the transfer 
is done by pressure difference between ship and storage at port, so the compressor is by-passed. Once this 
pressure difference is not enough to maintain the required flow (2 MPa pressure difference has been 
considered), the remaining amount is transferred from the ship to the storage system with the help of the 
compressor. Worst case scenario (storage full at 65% capacity) has been considered to determine the amount 
of ship load that has to be transferred with the use of compressors (around 45% of the ship capacity). 

No purification step has been considered in this pathway. 
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5.5.2 Liquefied hydrogen 

5.5.2.1 Packing 

Current efficiencies for liquefaction plants are between 36-43 MJ/kg H2 [55]. However, it is expected that 
increasing plant capacity will lead to higher process efficiency (21.6 MJ/kg H2 for 150 tpd plant capacity [55]). 
As the capacities of the liquefaction plants defined in this assessment are several orders of magnitude larger 
than current liquefaction plants, the efficiency assumed for the liquefaction process is 21.6 MJ /kg H2.  

A liquefaction plant is assumed to be operative 90% of the time. Liquefaction plant size is defined based on 
annual hydrogen demand and hydrogen losses along the delivery chain. Two types of hydrogen losses are 
considered; hydrogen vented due to boil-off and the hydrogen evaporated but not vented. The latter does not 
bring additional hydrogen costs but it is considered to be re-liquefied in the liquefaction plant. The energy 
demand assumed for re-liquefaction is around 14.4 MJ/kg H2, calculated from data provided in [54]. 

For Case A, the liquefaction plant size is 3 375 tpd, which is two orders of magnitude larger than any liquefaction 
plant currently in operation (32 tpd, [48]). Liquefaction plant size in Case B is almost 390 tpd. Considering this 
and the data on liquefaction costs given in [190], liquefaction plant CAPEX is calculated assuming that the 
liquefaction plant comprises as many liquefaction plants units of 200 tpd as necessary to cover total demand 
(i.e. CAPEX plant X tpd = X/200 * CAPEX plant 200 tpd). Based on [190], the CAPEX of a 200 tpd liquefaction 
plant is around 390 MEUR. For smaller sizes of plant (<200 tpd), the equation provided in [190] is used. 
Liquefaction plant capacity and CAPEX for Case A and B are collected in Table 6 (for more information, see 
Annex 2, Table 19).  

Table 6. Capacity and CAPEX of liquefaction plants for Case A and B. Source: literature data, see text. 

Capacity (tpd) CAPEX (MEUR) 

Case A Case B (bulk) Case B (ISO 
container) 

Case A Case B (bulk) Case B (ISO 
container) 

3 375 390 315 6 600 755 640 

5.5.2.2 Storage 

Total storage capacity at the importing and exporting terminal is calculated based on the capacity of the LH2 
ship tanker (2 times ship capacity) and the boil-off downstream in the delivery chain. It is assumed that the 
maximum capacity of a single liquefied hydrogen tank is 15 000 m3 (around 1 000 tonnes LH2). In the case of 
bulk storage at railports (Case B), the volume assumed at this location is two times the capacity of the LH2 
train. At HRS, storage solutions as described in [59] have been used as reference. Storage volume at this location 
is 55 m3. 

For tanks with volumes bigger than 3 500 m3, CAPEX is calculated from the value provided in [24]. For smaller 
tanks, values provided by industry experts have been used to determine the CAPEX. LH2 storage in containerised 
solutions is based on the Linde HELICS system [67]. CAPEX is calculated from various sources, including industry 
information. Operational costs of LH2 storage tanks are taken from [190].  In the case of containerised solutions, 
there is an operational cost associated to the use of liquid nitrogen. This is used to reduce the heat transfer 
from the environment to the liquid hydrogen. The amount of hydrogen necessary is estimated from [67], while 
the cost of liquid nitrogen considered is 0.15 EUR/kg [203], [204].   

 Volume and CAPEX data of storage facilities are summarised in Table 7. 
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Table 7. Liquefied hydrogen storage volume and CAPEX along delivery chain. Source: literature data and JRC assumptions, 
see text.  

Assessment results of this pathway will strongly depend on the assumptions made on boil-off losses. The 
analysis presented here assumes a scenario where the hydrogen losses due to boil-off are minimised. The boil-
off management assumed for this pathway would not be possible without the use of cryogenic pumps. They 
are used for the hydrogen transfer of LH2 from storage sites to transport mode and vice versa. Dimensioning 
of cryogenic pumps is defined by the loading/unloading times. Data of energy consumption and cost for this 
equipment is obtained from [205].    

For Case A, boil-off in storage located at importing and exporting hydrogen terminals is not considered as a 
hydrogen loss but it is assumed to be re-liquefied at the liquefaction plant. The same assumption is made with 
the boil-off generated during LH2 transfer operations.   

For Case B it is assumed that boil-off at importing terminal storage (including boil-off during transfer 
operations) is re-liquefied, similarly for the boil-off generated during transfer between LH2 tanker ship and 
exporting terminal storage. The rest of the boil-off generated at the exporting terminal location (due to storage 
and transfer for train transport) is considered a hydrogen loss. For storage at railports and HRS, all boil-off is 
treated as hydrogen loss.  

In the case of containerised solutions for the storage of liquefied hydrogen (e.g. HELICS [67]), no hydrogen 
losses are considered during storage or transport. Therefore, all boil-off generated during transfer from the 
liquefaction plant to storage, and from storage to pump in the HRS, as well as the boil-off produced during its 
storage and transport, is assumed to be re-liquefied.  

Boil-off rates are summarised in Table 8. Reference values for boil-off rates of LH2 during storage are found 
in [59], [67] and [60]. Boil-off rates during transfer operations are obtained from [64].  

 

 

 

 

 

 

 

Storage facility at: 

Volume (m3) CAPEX (MEUR) 

Case A Case B Case A Case B 

Importing terminal 250 000 125 000 290 145 

Exporting terminal 235 000 115 000 275 135 

Railport N/a 5 000 N/a 8.5 

HRS N/a 55 N/a 0.35 

Container 44 44 0.8 0.8 
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Table 8. Boil-off rates of LH2 storage systems. Source: literature data, see text. 

Storage system at: 
Boil-off rate 
during tank 
filling (%) 

Boil-off rate 
during storage 
(%/day) 

Boil-off rate 
during tank 
emptying (%) 

Importing terminal 2 0.08 2.5 

Exporting terminal 2 0.08 2.5 

Railport 2 0.10 2.5 

HRS 2 1 2.5 

ISO Container 2.5 0.2 2.5 

5.5.2.3 Transport 

Liquefied hydrogen can be transported either in bulk, or in containerised solutions. However, unlike in the 
compressed hydrogen pathway, bulk transport of liquefied hydrogen by train and truck is also considered. Unlike 
containerised solutions, bulk transport requires hydrogen transfer between transport modes (through 
intermediate storage), increasing the boil-off losses.  

Bulk transport by sea is done by means of liquid hydrogen tankers. As mentioned in the previous section, there 
are no examples of this type of ship existing (only one prototype [77]). Therefore, some of the data for liquid 
hydrogen tankers are calculated from data available on liquid natural gas carriers. For Case A, liquid hydrogen 
tankers are defined to hold a cargo of around 125 000 cubic meters (~8 700 tonnes of hydrogen per ship). This 
size is equivalent to a medium size LNG ship [75]. In Case B, LH2 tankers have a capacity of 60 000 cubic meters 
(~4 200 tonnes of hydrogen per ship). The ullage volume considered in both cases is 1.5% of the ship capacity. 
When the transport of LH2 is performed using containerised solutions, the container ship considered has a 
capacity of 2 200 TEU (above 3 000 tonnes of hydrogen).  

CAPEX for LH2 tankers is calculated from data provided in [62] and [21]. In the case of container ships, CAPEX 
is calculated combining data provided in  [206], [201], [198], [199],  and [207]. The same references have been 
used to estimate the fuel consumption of container ships. For LH2 tankers, the fuel consumption has been 
calculated from data available on LNG tankers [208]. Capacity, CAPEX and fuel consumption of the ships 
considered in the different cases are summarised in Table 9.  

Table 9. Data on ships transporting LH2. Source: literature data and JRC assumptions, see text.  

 

 
Case A 

Case B 

 Bulk ISO container 

Capacity (t H2) 8 700 4 200 3 300 

CAPEX (M EUR) 380 265 25 

Fuel consumption (t/d) 135 64 75 

The boil-off produced during the trip is considered as hydrogen losses, therefore, an additional amount of 
hydrogen has to be produced to cover the demand at the consumption site. The hydrogen boil-off rate on board 
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ships is defined at 0.2% of the total storage volume per day. This pathway does not consider using this boil-off 
to fuel the ship. 

In the case of bulk transport by train, cryogenic rail cars are assumed to be leased. A leasing cost is estimated 
at 210 EUR per day and rail car, based on [209]. Dimensions and capacity of the rail car is taken from [69]. In 
order to improve logistics, the same approach is taken as in the case of CGH2 transport by train, where the 
number of rail cars are duplicated. This approach is used for both, bulk and containerised transport.  

Bulk road transport is performed by LH2 truck tankers. CAPEX for a 3.3 t LH2 tanker is 630 000 EUR, not including 
the associated tractor head [24]. For transport of LH2 in container solutions, truck CAPEX includes CAPEX of 
tractor head and trailer (175 000 EUR, see section 5.2.3).  

To simplify calculations, the boil-off produced during transport of liquefied hydrogen in LH2 rail cars and LH2 
truck tankers (bulk transport) is not considered. It is estimated that, due to the short trip duration (less than one 
day) hydrogen losses during these journeys should be less than 1% of the hydrogen transported.   

In the case of containerised solutions, an average trip duration time of 20 days has been estimated for Case B 
(from production site to final use at the HRS). A constant boil-off rate is considered during this trip (0.2 %/day, 
see Table 8). Considering the holding time specified by the technology provider (HELICS, [67]), it is assumed 
that when liquefied hydrogen is transported in containerised solutions no hydrogen is lost due to boil-off23, and 
that all the hydrogen evaporated is re-liquefied.  

 

5.5.2.4 Unpacking 

It is assumed that LH2 does not require any additional purification step prior to its final delivery. Therefore, the 
only process considered during the unpacking is the regasification of the hydrogen and its compression up to 
the delivery pressure, which is 7 MPa for Case A and 50 MPa for Case B. This is done by means of cryopumps 
(as described in section 5.5.2.2) and evaporators (costs obtained from [190]).  

 

5.5.3 Ammonia 

The hydrogen delivery chain based on ammonia considered here, takes into account the extra capacity needed 
because of the use of ammonia as a fuel for the unpacking step. This will be discussed more in detail in section 
2.3.4 (unpacking) and will imply a required packing (ammonia production) capacity of about 21 864 tNH3/d (7 
280 694 tNH3/year) for Case A and 2 186 tNH3/d (728 069 tNH3/year) for Case B. 

 

5.5.3.1 Packing 

CAPEX for ammonia packing (Synloop and ASU) has been extracted from Morgan [94]. This source has been 
used as the main source due to an extensive description provided by the author.  

Morgan gives a very detailed account of a fully electric ammonia plant and provides a precise description of its 
different components. It is straightforward to extract CAPEX information for the synloop and the Air Separation 
Unit (ASU) and derive the relationships used for scaling. Unfortunately, CAPEX data are only given for the 
synloop capacity range of 100-500 tNH3/d and ASU capacities of 60-420 tN2/d24. The EUR2020 118.76m CAPEX 
of a 500 tNH3/d capacity plant was used as a basis for our cost assumptions. 
Bartels [97] provides a full CAPEX table which uses a scaling factor of 0.67 for covering the range of capacities 
from 10 to 3 400 tNH3/d (see Table 3). This exponential factor was used to scale CAPEX up to a plant dimension 
of 4 700 tNH3/d [210]; from this scale upwards it is assumed that costs grow linearly.   

                                          
23 40 days, which is longer than the maximum time that the LH2 is expected to be stored at less than 30 days, from production site to final 

use at the HRS.  
24 Considering a constant ratio of 0.833 tN2 required per ton of ammonia this translates in about 70-500 tNH3/d.  
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This implies that Case A (1 MtH2/y) would have a packing plant CAPEX of about EUR2020 2369 m. Case B 
(100 ktH2/y) would have a packing plant CAPEX of EUR2020 309.7 m. Annual OPEX (including workforce) is 
assumed to be 3% of total CAPEX, while electricity consumption is calculated based on the assumed electricity 
requirements.  

The energy required for the packing process is estimated to be around 2.3 GJ/tNH3 for the synloop and 
0.6 GJ/tNH3 for the ASU unit (total of 2.9 GJ/tNH3). These values are a reasonable, yet conservative, assumption 
based on a cryogenic ASU and the literature values given in section 2.3.1. The ratio of nitrogen and hydrogen 
used in the process is close to an ideal stoichiometry and can be considered to be around 0.18 kgH2/kgNH3 and 
0.83 kgN2/kgNH3 [21], [92]. These values deviate slightly from a perfectly stoichiometric ratio, but are 
conservative and take into account possible process losses and incomplete conversion.   

5.5.3.2 Storage 

Costs for storage have been extracted from the detailed description offered by Morgan [94]. Storage is assumed 
to be performed in liquid form and the maximum possible storage capacity is fixed at 50 000 tNH3. The CAPEX 
of such an installation would be EUR2020 32.5 m and it is derived by extrapolating the values given in the 
reference paper used [94]. The yearly OPEX for such a facility is calculated assuming a liner scale-up relationship 
for the workforce costs and extrapolating the costs given by Morgan for the 9 000 tNH3 storage facility25. The 
power requirement for driving compressors used to re-liquefy boil-off is considered negligible with respect to 
the electric power requirements of the packing and unpacking plants.       

5.5.3.3 Transport 

Ammonia shipping is modelled according to the detailed information provided for Clipper Sirius, Clipper Victory 
and Clipper Sun [105]. The maximum capacity of the ammonia carrier ship is considered to be 50 000 tNH3, 
even if, in principle, bigger cargo capacities could be possible. The CAPEX for a ship with a capacity of 
50 000 tNH3 is fixed at EUR2020 70 m [106]. Yearly OPEX is around 4.7% of ship CAPEX for a ship able to carry 
50 000 tNH3 and sailing 90% of the year [106]. The speed of the ship is taken as constant at 16 knots (about 
29.6 km/h). Loading and offloading operations are considered to last for a total of three days. The fuel 
consumption is taken as equivalent to about 36 tonnes of Heavy Fuel Oil (HFO) per day including 
loading/offloading operations and cruising  [105]. All boil-off is considered as re-liquefied and no losses due to 
boil-off are accounted for. 

Transport of ammonia using trains is based on the specifications of a VTG Aktiengesellschaft design [112]. It 
was considered that an ammonia rail tank car can carry a maximum of 55.12 tNH3

26, has a tare weight of 35 t 
and a trailer length of 17.16 m. For a convoy of 750m this would translate to a capacity of around 2 370 tNH3. 
The CAPEX for a single rail tank car is estimated at around EUR2020 160 k [113].  

An electric locomotive with a power of 2.9 MW should be able to provide traction for the convoy and should 
have a CAPEX quantified around EUR2020 2.7 m. The yearly OPEX includes maintenance and workforce and can 
be quantified as around 2.4% of CAPEX27. 

5.5.3.4 Unpacking  

The most detailed public reference available on a large scale ammonia cracker is by Fothergill et al. [89]. Other 
references are available in literature, but, to the best of our knowledge, none provides the same level of 
technical detail and addresses challenges associated with large scale facilities. Therefore, despite its 
shortcomings outlining some plant components, it was used as the only reference for unpacking.  

The mass ratio of produced hydrogen to consumed ammonia (both as feedstock and fuel, and including recycling 
of recovered ammonia) is 0.137 tH2/tNH3. The electricity requirement is around 17.5 GJ/tH2

28, while the fuel 

                                          
25 These corresponds to about 13.7% of the CAPEX cost. 
26 Calculated using a filling density of 530 kg/m3 for a nominal volume of 104 m3.  
27 It is assumed that a train can be available 90% of time. 
28 According to our interpretation of the reference used, this is the value required to obtain hydrogen at 25 MPa with a 99.97% purity. 
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requirement is 51.9 GJ/tH2
29. The reference used estimates CAPEX for the cracking plant as EUR2020 369 m for 

a plant with a capacity of 200 tH2/d30. Even if this value is at least a factor of four higher than that provided 
by another source providing some information on large scale ammonia cracking [100], it was kept as it presents 
a conservative estimation. Scaling of plant CAPEX was performed using a power law with scaling factor 0.67 
up to a capacity of about 350 tH2/d, and then scaled up linearly. The obtained CAPEX for Case A (1 MtH2/y) is 
then about EUR2020 4 606 m, while Case B (100 ktH2/y) would have an unpacking plant CAPEX, for a single 
unpacking plant, of EUR2020 145.8 m. Yearly OPEX is assumed to be 3% of CAPEX. 

    

5.5.4 Methanol 

As for ammonia, a hydrogen delivery chain based on methanol needs to account for the use of methanol as 
fuel for processing steam reforming, which is providing hydrogen (see section 2.4). This translates to a packing 
(methanol production) capacity of about 21 168 tMeOH/d (7 048 979 tMeOH/year) for Case A and of 2 117 
tMeOH/d (704 898 tMeOH/year) for Case B. 

5.5.4.1 Packing 

It is difficult to find consistent CAPEX values for methanol production plants performing direct CO2 
hydrogenation. The work of Pérez-Fortes [125],  was used as a reference, since it is precise in its plant description 
and considers a plant with a capacity comparable to that currently available in Europe. 

The plant design used requires about 1.46 tCO2 and 0.199 tH2 per tonne of methanol produced [130], [211].  

The energy required for the synthesis consists of 0.64 GJ/tMeOH of electricity. The heating needs of 
1.6 GJ/tMeOH can be provided by 0.92 tonnes of steam per tonne of methanol and 3.1 GJ//tMeOH of cooling 
needs can be covered by circulating 92.3 tH2O/tMeOH. Considering an electric boiler efficiency of 95% the 
electricity required for steam generation would be around 1.7 GJ/tMeOH. By using the assumptions on pump 
power used by Morgan [94], it is possible to quantify the electricity associated with the pumps providing the 
necessary cooling as 0.09 GJ/tMeOH. The total electricity requirements will then become 2.3 GJ/tMeOH if utilities 
like cooling water and steam are factored in.   

According to the reference used, a plant with capacity of 1 320 tMeOH/d has an Inside Battery Limits (ISBL)  
investment of EUR2020 114.2 m31. This can be transformed into an actual CAPEX by using the methodology 
outlined by Towler and Sinnott [182]. A CAPEX of EUR2020 254.5 m is then obtained. The capacity of the plant is 
then scaled using an exponent of 0.67 up to a capacity of 5 400 tMeOH/d [212] and then linearly after that. 
This implies that Case A (1 MtH2/y) would have a packing plant CAPEX of about EUR2020 2 564 m. Case B (100 
ktH2/y) would have a packing plant CAPEX of EUR2020 349.2 m. Annual OPEX (including workforce) is assumed 
to be 3% of total CAPEX, while electricity consumption is calculated based on the assumed electricity 
requirements.  

Carbon dioxide is assumed to be coming from a Direct Air Capture (DAC) plant with a pressure of 0.1 MPa and 
with a suitable purity for the CO2 hydrogenation process. The CAPEX for the DAC installation is not considered 
in our model due to the uncertainties associated with its deployment. Nevertheless, the work of Keith et al. 
[213] was used as a reference for the cost of CO2 sourced through DAC and for the energy requirements of the 
process. The price for a tonne of CO2 is assumed to be EUR2020 145 for the low cost electricity assumptions and 
EUR2020 242 the high cost electricity assumptions; the associated DAC process requires 0.28 GJ/tCO2 (77 
kWh/tCO2) of electrical energy and 5.25 GJ/tCO2 of thermal energy32.  

                                          
29 The fuel composition is 85% NH3 and 15% H2. 
30 ISBL was considered to be £ 312.8 m and the CAPEX calculated according to [125].   
31 Excluding the requirements for CO2 purification.  
32A range of $2018 94-97 is given in the reference work used. This energy is considered to be provided by natural gas with a cost of 3$/GJ. 

In our case it is provided by burning hydrogen. This translates into a need of 48.7 kilograms of hydrogen (lower heating value) per 
tonne of CO2 captured (using a boiler efficiency of 90%). 
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5.5.4.2 Storage 

It is not straightforward to obtain specific information for the storage of methanol. The available detailed 
information for ammonia [94] have been used also for obtaining relevant storage information for methanol. 
The available volume has been quantified using a methanol density of 790 kgMeOH/m3. Only the cost of a 
single wall internal floating roof tank made of steel was considered. No losses due to evaporation were 
considered. A methanol tank with a capacity of approximately 11 500 tonnes is expected to have a cost of 
EUR2020 4.9 m and a scaling exponent of 0.67 is used. The maximum tank capacity is assumed to be about 
58 000 tMeOH with a CAPEX of about EUR2020 14.6 m. The yearly OPEX (maintenance and workforce) for such 
a facility is calculated assuming a similar linear relationship as the one used for ammonia and amounts to 
about 23.6% of CAPEX.  

5.5.4.3 Transport 

Shipping of methanol is based on the data available for an actual deep sea tanker used for transporting 
methanol: the ‘Taranaki Sun’ [214]. Based on the available volumetric capacity of the cargo tanks, and using a 
methanol density of 790 kgMeOH/m3, it was calculated that the maximum capacity of the ship is around 41 500 
tMeOH. The average speed of the ship was extracted from [215] and taken as 16 knots (about 29.6 km/h). 
Loading and offloading operations are considered to last for a total of three days. The amount of HFO used by 
the ship in a cruising day (about 33.4 tHFO/d) is calculated from the EEDI33 reported in the THETHIS-MRV 
database [216] and assuming an emission factor of 3.11 kgCO2/kgHFO. The total average consumption 
considering cruising and loading/unloading operations is assumed to be 24 tHFO equivalent per day. The CAPEX 
of the reference ship was estimated from Tijdgat [106] and expected to be around EUR2020 42 m. OPEX is 
estimated to be around 8 % of CAPEX for a ship carrying 41 500 tMeOH and sailing at a maximum of 90% of 
the year. 

Transport of methanol using trains is based on the specifications of a VTG Aktiengesellschaft design [139]. It 
was considered that a methanol rail tank car can carry a maximum of 63.2 tMeOH34, has a tare weight of 26 t 
and a trailer length of 16.24 m. For a convoy of 750 m this would translate to a capacity of about 2 900 tMeOH. 
The CAPEX for a single rail tank car is estimated around EUR2020 109 k [171].  An electric locomotive with a 
power of 3 MW should be able to provide traction for the convoy and should have a CAPEX quantified around 
EUR2020 2.8 m. The yearly OPEX includes the cost of maintenance and workforce and can be quantified as around 
3% of CAPEX35.      

5.5.4.4 Unpacking 

As stated in section 2.4.4, it is very difficult to obtain relevant accurate information for a large scale methanol 
steam reformer.  

The thermal energy required for steam reforming is fixed at its thermodynamic minimum of 28 GJ per ton of 
hydrogen produced [152]. The fuel used for thermal needs is a mixture of methanol36 and hydrogen37 which is 
not extracted from the purification step. It is assumed that a boiler with 90% efficiency is used, bringing the 
overall fuel consumption up to 31.1 GJ/tH2. The calculated mass ratio of produced hydrogen to consumed 
methanol (both as feedstock and fuel) is 0.142 tH2/tMeOH. This value is in line with information provided by 
Mahler AGS [143]. The electricity consumption is taken from the information given by Mahler AGS and is 1.8 
GJ/tH2 [143]. The water used for steam reforming can be calculated considering the proportion of 3.8 
kgH2O/kgH2

38 [143].    

Despite a different set-up than the one used by Brown et al. [152], data on cost were extrapolated from 
Papadias et al. [165] since this is the only reference found providing costs for a large-scale methanol steam 
reforming plant. The scaling curve presented (with an exponent of about 0.67) was up to a capacity of about 
350 tH2/d; CAPEX was scaled linearly after that threshold capacity. It is not clear whether the cost provided in 
the reference used is an actual CAPEX, or more similar to an ISBL [182]; it was, however, treated as a full CAPEX. 
                                          
33 Is it assumed that cargo capacity is 70% of DWT. 
34 Calculated using a filling density of 790 kg/m3 for a nominal volume of 80 m3.  
35 It is assumed that a train can be available 90% of time. 
36 The lower heating value of methanol of 19.9 MJ/kgMeOH was used. 
37 The lower heating value of hydrogen of 119.9 MJ/kgH2 was used. 
38 The stoichiometric ratio is 3 kgH2O/kgH2. 
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This favourable assumption is taken as a best case scenario. In this way it is possible to benchmark the methanol 
option against other options and immediately check if this less developed technology has the possibility to be 
competitive against other hydrogen transport options. The obtained CAPEX for Case A (1 MtH2/y) is then about 
EUR2020 1 088 m, while Case B (100 ktH2/y) would have an unpacking plant CAPEX for a single unpacking plant 
of EUR2020 145.8 m. Yearly OPEX is assumed to be 3% of CAPEX. 

 

5.5.5 LOHC 

As DBT has many advantageous properties, this LOHC system is assumed for the study. The main source of 
cost and energy data for the DBT LOHC pathway has been the FCH 2 JU funded project HYSTOC though publically 
available deliverables ([160],  [176], [217]). During the project HYSTOC, the cost and energy demand of the 
hydrogenation and dehydrogenation process has been investigated further, and these references are assumed 
to contain current information on DBT as LOHC.  

For this pathway, three different scenarios are considered for the provision of heat for dehydrogenation. The 
options are electricity, waste heat and hydrogen. In the latter case, more hydrogen needs to be produced and 
transported, in order to end up with the required amount.  

DBT is produced from toluene and benzyl chloride and currently costs around 4 EUR/kg [218]. The HYSTOC 
project has performed a cost calculation for the production of DBT, up to large production volumes of 100 000 
t/year, in this case with a total production cost estimated to be in the range of 1.42 – 1.80 EUR/kg [160]. 1.5 
EUR/kg DBT were assumed in this study to determine the CAPEX for LOHC.  

 

The amount of LOHC necessary has been estimated based on the shipping volume. CAPEX for the purchase of 
DBT is potentially a substantial cost contribution. In order to estimate the amount of DBT needed, the following 
assumptions were made: 

• Case A: 2  shiploads being transported39 and 2 shiploads being processed (hydrogenated or 
dehydrogenated) at any given time, storage of 2 shiploads, for a total of 8 shiploads LOHC needed; 

• Case B railport40: 4 shiploads being transported on board a ship, 2 aboard trains and 2 shiploads being 
processed at any given time, storage of 2 shiploads, for a total of 10 shiploads LOHC needed. 

• Case B HRS: 4 shiploads being transported on board a ship, 2 aboard trains, 2 aboard trucks and 2 
shiploads being processed at any given time, storage of 2 shiploads, for a total of 12 shiploads LOHC 
needed. 

• Case A Hydrogen: 4 shiploads being transported41 and 2 shiploads being processed (hydrogenated or 
dehydrogenated) at any given time, storage of 2 shiploads, for a total of 10 shiploads LOHC needed; 

• Case B Hydrogen railport42: 3 shiploads being transported on board a ship, 2 aboard trains and 2 
shiploads being processed at any given time, storage of 2 shiploads, for a total of 9 shiploads LOHC 
needed. 

• Case B Hydrogen HRS: 3 shiploads being transported on board a ship, 2 aboard trains, 2 aboard trucks 
and 2 shiploads being processed at any given time, storage of 2 shiploads, for a total of 11 shiploads 
LOHC needed. 

                                          
39 This figure is based on the number of ships operating.   
40 For Case B two scenarios were investigated, conversion of the carrier at the railport or alternatively at the HRS. In the latter case 270 

small scale de-hydrogenation plants would be deployed.  
41 This figure is based on the number of ships operating.   
42 For Case B two scenarios were investigated, conversion of the carrier at the railport or alternatively at the HRS. In the latter case 270 

small scale de-hydrogenation plants would be deployed.  
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The assumed capacity of the ships and the number of ships operating therefore has a direct relation to the 
investment for purchasing DBT, the cost of which can be considerable. Whereas in terms of shipping costs it 
would be preferable to have large capacity ships with fewer roundtrips, this is increasing the purchasing costs 
of the DBT. Smaller ships enable an optimisation of the amount of LOHC in circulation. As an example, if only 
one ship is traveling back and forth, the amount of DBT in circulation would be the highest. The storage sizes 
have to be increased proportionally, and storage times are also high due to the small number of trips of the 
ship. The number of (de-)hydrogenation cycles would be lower, compared to using more ships, however this has 
less impact on the final cost than the purchase of the DBT. The ship capacity was therefore set to a value that 
minimises the overall costs.   

As for other investments, an interest rate of 5% was assumed, and the DBT given a lifetime of 20 years 
(notwithstanding replenishment and upgrading, as explained below).  

In addition, the operational costs for DBT were calculated according to the formula given in [219]. A small 
fraction of DBT decomposes during cycling. The decomposition reaction also releases methane, toluene, 
benzene, MCH and cyclohexane [174]. However, a recent study found that prior purification of the DBT may 
circumvent this issue [175]. According to the outcomes of the HYSTOC project, it is assumed that regeneration 
of DBT is needed after 750 cycles [219]. Fresh DBT also has to be purchased to replace the decomposed 
material. According to [176], 0.013% of DBT is assumed to be lost per cycle. The cost can be calculated by 
adding the amount of LOHC needed per kg of hydrogen to the assumed 10% loss of DBT for every 750 cycles. 
15.3 kg of LOHC are needed to store 1 kg of hydrogen, which is a gravimetric storage capacity of 6.13%, 
somewhat lower than the theoretical maximum of 6.2%, as it is assumed that the (de-)hydrogenation rate will 
not reach 100%. The number of cycles have to be calculated according to the amount of DBT and the number 
of cycles per shipload of DBT.  

 

The energy demand for the production of DBT has been estimated at 42.1 kWh electricity and 2.7 MJ steam in 
[35]. The project HYSTOC, as described in detail in a public deliverable [160] arrived at a lower value assuming 
4 840 kW for a plant with 3 500 t/year capacity (8 040 h operating hours considered). This would amount to 
10.41 MJ/kg DBT based on the assumed output of the plant, where 26% of the total energy demand is attributed 
to DBT, the rest to the production of MBT. As the report by the HYSTOC project provides more information than 
[35], the energy demand for DBT production is based on the former reference. According to [160], 12 950 tons 
of toluene are needed to produce 3 500 tons of DBT43, which is a ratio of about 3.7 : 1. The energy demand for 
chlorine and for toluene as the base materials has been added44. The energy demand for the production of 
toluene from biomass is assumed to be 0.45 GJ/ton, according to [220]. This would amount to 1.67 MJ/kg DBT. 
For chlorine, the production process delivers 1 ton chlorine and 1 ton caustic soda, plus hydrogen, which is 
referred to as the electrochemical unit (ECU). The energy demand of the chlor-alkali process is 11.88 GJ per 
ECU [221], of which 33% is attributed to chlorine, based on the value of the final products45. 1.29 t chlorine is 
needed to produce 1 t DBT. In total, the energy demand per kg DBT is assumed at 17.2 MJ.  

 

5.5.5.1 Packing 

The enthalpy of reaction of DBT is 65.4 kJ / mol H2 [145]. Hydrogenation takes place via the intermediate 
compounds H6- and H12-DBT, to the fully hydrogenated H18-DBT storing 9 moles of H2 [164]. Heterogeneous 
metal catalysts, such as Ru or Ni are needed for hydrogenation, which is an exothermic process and takes place 
at 1-5 MPa [147]. Hydrogenation at a pressure of 1.5 MPa has been reported in the range of 74-98% [148]. 
The degree of hydrogenation is determined by the temperature, pressure and reaction time. During 
decompression, some hydrogen degasses, leading to process losses of around 0.1 wt% [218].  

                                          
43 The plant also produces 10 000t MBT for which a market is assumed, and by-product HCl is sold.  
44 Energy demand for other components than toluene and chlorine was not estimated in this study 
45 Main inputs: 1.75 kg sodium chloride, 10.69 MJ. Main outputs: 1 kg chlorine [0.141 EUR/kg], 0.028 kg H2 [2.68 EUR/kg], 1.13 kg caustic 

[0.191 EUR/kg] [281] 
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The energy demand for hydrogenation was assumed to be 1.33 MJ/kg H2, in line with Reuss et al. [222], for 
compression and pumping. In the literature, values between 0.79 MJ/kg H2 [176] and 3.48 MJ/kg H2 [223] are 
stated. The reaction itself is exothermic, so it is assumed that there is no further energy demand for 
hydrogenation. Excess heat could be recovered in principle, however, for this study it was not seen as a viable 
option due to the unlikelihood of a suitable heat sink close to the hydrogenation facility.   

The costs for the hydrogenation plant have been estimated based on Reuss et al [222]. It is assumed that a 
facility with a capacity of 100 000 tH2/year would cost EUR 60 m [222]. No scaling factor was used for a plant 
size with a capacity above 100 000 tH2/year, as these types for plants have not yet been implemented at large 
scale, so a more conservative cost estimation was used. For both the hydrogenation and dehydrogenation 
plants, CAPEX is calculated assuming that the plant comprises as many units of 100 000 tH2/year as necessary 
to cover total demand. For LOHC, the option to use hydrogen for the provision of heat for dehydrogenation was 
also assessed. In this case, the volume of hydrogen to be transported is higher in order to be able to supply this 
energy demand, which is assumed to be 45 MJ/kg H2 (see section 5.5.5.4). This means that additional LOHC has 
to be processed and transported. Hence, the plant capacities for Case A and Case B are 1.63 times larger 
compared to the scenarios where the energy demand is met by electricity or waste heat. 

The plant assumptions are similar to those used for ammonia and methanol, with an utilisation of 333 days 
per year, an interest rate of 5%, and a 20 year46 lifetime. The O&M costs are estimated to be 3%, including 
replacement of catalyst material.   

 

5.5.5.2 Storage 

Storage costs have been estimated based on those for crude oil and LOHC storage for various capacities, based 
on [224], [176], [225]. The values were interpolated assuming an exponential relation between cost and storage 
capacity, with reference values per m3 ranging from 122 EUR to 550 EUR. In [226], a cost of USD 466 per m3 
is given for underground stockpiling, with the remark that this is 20% higher than aboveground storage. 
Therefore the assumed cost range seems to be reasonable.  

Energy demand for storage was not considered.  

5.5.5.3 Transport 

Due to the similar properties of DBT to diesel and crude oil, it is assumed that existing infrastructure and 
technology can be used.  

For shipping for Case A, the round-trip duration, including (off-)loading is set to 12 days. A Suezmax size ship 
with a capacity of 158 000 DWT was chosen; for Case A there would be 5 ships operating. If hydrogen is used 
to provide the heat for dehydrogenation, a higher amount of hydrogen, and consequently LOHC, needs to be 
transported, increasing the amount of hydrogen to 1.63 mt/year. For this scenario, 7 ships with the same 
capacity would be in operation. The cost for the Suezmax size ships is assumed to be EUR 65 m according to 
[106], which is stated as an average value for this ship capacity.  At 15 knots speed the fuel consumption is set 
at 55t/day, which is an estimate based on [227]. For fuel costs, biodiesel is assumed to cost EUR 782 per ton. 
For pumping operations, 30% of the fuel consumption for cruising is considered. Loading/off-loading operation 
is considered to take 24 h [228] with the ship staying at the harbour for a total of 4 days.  

OPEX is calculated in line with the function provided in Tijdgat [106], and amounts to around 5% of CAPEX for 
the Suezmax size tankers, and around 10% for the smaller tankers.  

For Case B Hydrogen, ships with a capacity of 35 000 DWT were assumed, and for Case B, a smaller ship 
capacity of 16 000 DWT resulted in an overall lower cost (see above, related to the amount of DBT in circulation). 
For Case B, 4 ships are used to transport the LOHC, and for Case B Hydrogen, 3 of the larger ships. The ships 
are cruising at a speed of 15 knots, with a fuel consumption of 28 t/day (small oil tanker) and 22 t/day (very 
small oil tanker) [227]. Loading/unloading is performed in 12 hours, and the ships remain in the port for 2 days.   

                                          
46 As this is a technology yet unproven at this scale, a 20 year lifetime has been assumed, rather than 30 years.  
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The costs of the ships were taken from [106] and [229], whilst information on fuel use was found in [227] and 
[230]. As for the other options, the ships are assumed to be consuming biodiesel as fuel, with a cost of 782 
EUR/t. OPEX was calculated according to [106]. The energy demand was calculated by assuming an energy 
content of 37.5 MJ/kg biodiesel. The number of operating hours were calculated for cruising and pumping 
operations. The energy demand for pumping was set to 30% of that for cruising.  

More information on the assumptions can be found in the Annex 2, Table 22.   

Transport by train takes place through the use of oil rail cars [170], with a DBT capacity of 23.6 tonnes. CAPEX 
for an oil rail car is around EUR 128 000 [171]. The size of train convoy, as well as the number of trains, is 
defined by LOHC demand. This changes depending on the energy source for the dehydrogenation step. Table 
10 summarizes these values, as well as the correspondent CAPEX. The number of rail cars is duplicated, in order 
to improve logistics. CAPEX represented is the average value between diesel and electric train. 

Table 10. CAPEX, size and number of trains transporting DBT. Source: literature data and JRC assumptions, see text.  

 Electricity / Waste heat Hydrogen 

Train convoy size 38 41 

Number of trains 2 3 

Train CAPEX (MEUR) 8.2 8.8 

For Case B, there are two scenarios, one where the LOHC is dehydrogenated at the railport, and the second 
where dehydrogenation takes place at the HRS. For the latter, it is assumed that DBT is  transported by truck 
using portable tanks [172]. The portable tank considered can hold 25 000 litres of DBT (22,8 tonnes) [231]. Tare 
weight of these portable tanks is around 3500 kg [231]. Two 20 ft portable tanks are transported per truck, 
however there is a limitation in cargo weight (40 tonnes). Therefore, it has been decided to limit the amount of 
cargo transported by truck to 33 tonnes of DBT. Truck CAPEX is 175 000 EUR (excluding portable tanks), as 
explained in section 5.2.3. Portable tank CAPEX is around 20 000 EUR [231]. 

As for trains, the number of trucks is defined by the energy source for DBT dehydrogenation. In the case of 
electricity or waste heat, the number of trucks considered is 51, while for hydrogen as energy source the number 
of trucks goes up to 81. 

If dehydrogenation takes place at the railport, transport of hydrogen to HRS is performed by trucks similar to 
the ones described in section 5.5.1.3. 

5.5.5.4 Unpacking 

The energy demand for dehydrogenation is assumed to be 45 MJ/kg H2, with 41.2 MJ/kg H2 for provision of 
heat and 3.6 MJ/kg H2 electricity requirement, in line with information given in various sources [232], [223], 
[222], [233]. In case of dehydrogenation using hydrogen, the total energy requirement was set to 49.6 MJ/kg 
H2 to account for the efficiency of the combustion process (assumed to be 90%). If waste heat is available, 
then 3.6 MJ/kg H2 electricity was assumed, and the rest of the energy demand provided by the waste heat. The 
cost for hydrogen was set as described in Section 5.4. Waste heat costs were assumed to be EUR 20 per MWh.   

Hydrogen recovery is assumed to be 99.9%, as reported in [233].  

For Case A, the costs of the dehydrogenation plant was assumed to be EUR 669 M, based on the cost estimate 
given in Reuss et al. of EUR 60 M for a plant with a capacity of 100 000 t H2/year. A linear scaling factor was 
used, as plants of this scale have not yet been realized. For the option of using hydrogen for provision of heat, 
the capacity of the plant increases to 1.64 Mt H2/year, and the costs of the plants increase accordingly.  

For Case B, the unpacking of the LOHC takes place either at the railport or at the HRS.  
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For the railport option, dehydrogenation takes place in 6 separate plants, one at each railport. The costs of each 
plant is assumed to be EUR 20 m for the electricity case, and EUR 28 m for the hydrogen case. For the HRS 
case, these dehydrogenation plants need a capacity of 1.12 tH2/day based on an availability of 333 days per 
year. The cost for the plant was set to EUR 4.0 m, based on the cost estimate provided in [176] for a plant 
capacity of 1t H2/day of EUR 3 - 4 m.    

At the HRS, hydrogen needs further compression, from 0.7 MPa to 52 MPa. The energy demand was assumed 
to be 7.7 MJ/kg H2. CAPEX is set around EUR 400 000 [234], and OPEX to 4% of CAPEX [24]. 

Hydrogen purity following dehydrogenation is high for DBT, with impurities in the ppm range of toluene and 
other hydrocarbons [235]. A recent paper suggests that even higher purity is possible, largely complying with 
the ISO standard for PEMFC vehicles, if the DBT is purified prior to use [74]. This is a promising development, 
as further purification would be unnecessary for most end-use applications. 

Purification was considered necessary for both Case A and Case B, although it should be noted that many 
industrial customers would not need further purification. Due to the high initial purity, either membrane or  PSA 
purification with a recovery rate of 99% is assumed to enable PEMFC grade hydrogen [233]. According to a 
study by Papadias et al., the cost of a PSA is USD 286 per kgH2/day for a capacity of 350t/H2 per day, and USD 
452 per kg H2/day for a capacity of 50 tH2/day [236]. These figures were used to calculate the costs of 
purification for Case A and Case B.  The cost of the purification plant is therefore set to EUR 229 m for Case A, 
and for Case B EUR 6 m (for each individual plant, in total 6 PSA are needed) for the railport case and EUR 
500 000 for the HRS case. The energy demand for the PSA process is assumed to be 3.6 MJ/kg H2, according 
to [237]. The loss of 1% of hydrogen during purification is taken into account by increasing the amount of 
hydrogen to be transported.   

5.5.6 Pipelines 

Pipelines as transport options were modelled for compressed hydrogen, ammonia, methanol and DBT for Case 
A and Case B (results for Case B are not shown, see Section 4). 

Pipelines are assumed to be newly built, and to connect the hydrogen production site directly to the consumption 
location. Pipelines are considered straight and without change in altitude level (total length of 2 500 km). This 
assumption simplifies calculations but underestimates the final cost.  

5.5.6.1 Compressed hydrogen 

Maximum allowable pressures in pipelines considered is 7 MPa and temperature is assumed to be constant at 
12°C.  

In the case of compressed hydrogen, the pipeline has been dimensioned optimising final cost, which consists of 
both pipeline and compressor costs. Pipeline costs are obtained in two different ways, either following formulas 
provided in [190], or using the material costs provided by [190] and considering that material costs represent 
20% of the total pipeline cost. Following a conservative approach, the value used as pipeline cost is the higher 
of the two.  

Compressor costs are determined based on industry information47. The pipeline compressor located at the 
production site is supplied with low price electricity (price at production site, see Table 5) while the rest of the 
compressors that are part of the pipeline network are assumed to use electricity at demand site prices.  

Evolution of pressure along the pipeline is calculated using Darcy’s equation, and the Darcy friction factor is 
calculated using the Churchill correlation [238].   

Additionally, two compressor operational configurations were assessed: 1) pressure in the pipeline ranges 
between 6-7 MPa or 2) pipelines operate in the 3-7 MPa range. The first option would require more compressors 
than in the second configuration, but those compressors will be cheaper and they will require less power (per 

                                          
47 Private communication 
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unit) than compressors in configuration 2. Although configuration 2 has led to lower costs, the costs presented 
in this report are related to configuration 1, as it appears more realistic in terms of allowed pressure drop.  

The CGH2 pipeline is fed from an underground storage (at 7 MPa) with a capacity of 10 days, costs of this 
storage are calculated from [32]. Pipeline hydrogen leaks have been considered, assuming a value of 0,4% of 
the hydrogen transported, according to [24].  

Following the dimensioning strategy described above the following values were obtained for pipeline diameter 
and compressor station distance (see  Table 11). In these cases, the values obtained were independent of the 
electricity price scenario. 

 

Table 11 Dimensioning of pipeline network. Source: JRC assumptions.  

 Pipeline 
diameter 
(inches) 

Compressor 
station 
distance 
(km) 

Case A 34 220 

Case B 14 200 

5.5.6.2 Ammonia and methanol pipelines 

Ammonia and methanol pipeline designs were based on the same assumptions. All information available for 
long-distance ammonia pipelines was also used to model methanol pipelines since, to the best of our 
knowledge, there are no equivalent methanol long-distance pipelines to the NuStar, Magellan and Togliatti-
Odessa pipelines [101].  

Pressure drop is calculated using the Darcy-Weisbach equation with a Colebrook–White relation friction 
coefficient obtained using an online calculator [239]. 

For Case A the internal diameter of the pipeline is taken to be 439.1 mm since this diameter gives a flow 
velocity of about 2.44 m/s, which Bartels suggests as ‘safe’ [97] and should not cause excessive heating. The 
chosen diameter is larger than most of the data available for ammonia pipelines, but does not seem to be 
unreasonable [97]. It is assumed that the pipeline can work 365 days in a year and has a lifetime of 40 years. 
The chosen interest rate is 5%.  

The distance between pumping stations was selected to avoid a pressure drop above 4.3 MPa and ensure that 
ammonia will remain liquid. It is assumed that ammonia and methanol always remain liquid and their density 
does not change throughout the pipeline48. Given these assumptions, an 80 km distance between pumping 
stations was chosen and found to be compatible with the details of a Magellan pipeline (US) map [240]. A 
pipeline surface roughness of 0.05 mm was considered.  

The material prices used are based on those of an 18 inch seamless X46 steel49 pipe  and were estimated to 
be about 1 320 EUR/t-steel [241].  

Other details chosen for the pipeline design were based on the information retrieved from a 2016 accident 
report [242]. A maximum operating pressure of about 8.3 MPa was used in the equation for calculating thickness 
outlined in Knoope et al. [243]. A wall thickness of about 8.3 mm was obtained. This is in line with ammonia 
pipeline thicknesses reported in literature [101]. 

                                          
48 This is an approximation, especially for ammonia, but it helps in obtaining rough approximations which are accurate enough for the 

purpose of our analysis.   
49 The steel density was assumed to be 7 850 kg/m3. 
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The cost of the pipeline is obtained using the simple approximation that the cost of material is just a fraction 
of total pipeline costs. For the diameters considered, this crude approach does not seem to cause uncertainties 
inappropriate for the level of accuracy of our analysis [243]. Material costs are considered to be 20% of total 
costs (including right-of-way, labour and miscellaneous other costs). This rough approximation seems to be 
conservative, but reasonable, as confirmed by available pipeline literature [243], [244], [245], [246].  

It was not possible to retrieve detailed information on actual pumps able to manage the flows considered. The 
only available information was obtained from a presentation by Leighty [247]. It is estimated that an electric 
ammonia pump with a capacity of 150 tonnes per hour has a cost of EUR2020 600 000. A scaling factor of 0.6 
was used. This decision seems to be in agreement with available cost information [248]. The lifetime of a pump 
is taken as 20 years and two pumps are used per pumping station. The pump efficiency is considered to be 
90% and the obtained energy requirements seem to be in line with available technical data on ammonia plunger 
pumps [249]. Yearly OPEX (excluding fuel) is considered to be 0.04% of CAPEX for pipelines and 4% for pumps.  

Based on the assumptions outlined previously, the final CAPEX for Case A will be an overall 626 300 EUR2020/km 
for both the ammonia and methanol case. Methanol pumps need about 60% of the electricity necessary for 
pumping ammonia across the pipeline length of 2 500 km (about 515 GWh).    

5.5.6.3 DBT pipelines 

DBT transport by pipeline is an exceptional case. It requires the construction of two different pipelines, one to 
send the hydrogenated DBT to the demand location and the other to return the dehydrogenated DBT to the 
hydrogenation plant. It should be noted that hydrogenated DBT and dehydrogenated DBT are fluids with 
different physical properties (e.g. density, viscosity). These different physical properties have been considered 
when dimensioning their respective pipelines. DBT is reasonably easy to handle in terms of its kinematic 
viscosity of 16.5 mm2/s at 40°C, however the hydrogenated compound is more highly viscous at 82 mm2/s at 
40°C (for comparison, honey has a kinematic viscosity of 73.6 mm2/s) [250]. At 20°C, a value of 425 mm2/s is 
reported [251].  

Pipeline costs are also calculated considering the most conservative value between the costs obtained following 
formulas provided in [190], and the ones obtained using the material costs provided by [190] and considering 
that material costs are 20% of the total pipeline cost.  

Pipelines are assumed to operate between 1-7 MPa. As in the case of compressed hydrogen, evolution of 
pressure along the pipeline is calculated using Darcy’s equation, and the Darcy friction factor is calculated using 
the Churchill correlation [238]. Pumping energy demand is calculated considering the pressure drop between 
pumping stations, and a pump efficiency of 80% [252]. Pump CAPEX is estimated at around 1 700 EUR/kW, 
according to [253]. Pump annual maintenance costs are 68 EUR/kW, following [252] and [254]. The cost of the 
DBT held in the pipelines is also considered when dimensioning the pipeline. Summary of dimensions of pipelines 
for pathway (electricity or hydrogen for dehydrogenation) and energy price scenario are collected in Table 12 
(for Case A) and in Table 13 (for Case B). 
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Table 12 Dimensions of DBT pipelines for Case A. Source: JRC assumptions. 

     
Electricity 
Scenario 

Energy source 
for DBT de-
hydrogenation 

DBT status Pipeline 
diameter 
(inches) 

Total 
pumping 
power 
(MW) 

Distance 
between 
pumping 
stations (km) 

High Hydrogen De-hydrogenated 32 110 125 

High Hydrogen Hydrogenated 34 200 85 

High Electricity De-hydrogenated 28 70 130 

High Electricity Hydrogenated 32 95 110 

Low Hydrogen De-hydrogenated 30 150 95 

Low Hydrogen Hydrogenated 34 200 85 

Low Electricity De-hydrogenated 26 100 95 

Low Electricity Hydrogenated 28 165 75 

 

Table 13 Dimensions of DBT pipelines for Case B. Source: JRC assumptions. 

Energy 
Scenario 

Energy source 
for DBT de-
hydrogenation 

DBT status Pipeline 
diameter 
(inches) 

Total 
pumping 
power 
(MW) 

Distance 
between 
pumping 
stations (km) 

High Hydrogen De-hydrogenated 12 25 60 

High Hydrogen Hydrogenated 14 45 40 

High Electricity De-hydrogenated 10 20 50 

High Electricity Hydrogenated 12 40 30 

Low Hydrogen De-hydrogenated 12 25 60 

Low Hydrogen Hydrogenated 12 65 30 

Low Electricity De-hydrogenated 10 20 50 

Low Electricity Hydrogenated 10 95 20 
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6 Results 

The outcomes of the study are based on assumptions, some of which have a high degree of uncertainty, as 
many of the technologies involved have not been deployed at scale, and information on costs is scarce. Some 
simplifications have been made, for example pipelines are assumed to be in a straight line, at constant 
temperature and with no elevation changes. More complex approaches were not deemed to be reasonable, 
given the overall lack of data, but in general, the error margin on all of the outcomes is likely to be high. 

6.1 Case A 

As explained in section 5.2.4, Case A is based on the delivery of 1 million tons of renewable hydrogen per year 
to a single industrial customer, via a direct transport pathway, using a dedicated pipeline or shipping route. The 
transport distance considered is 2 500 km for shipping and pipeline.  

Figure 7 and Figure 8 show the hydrogen delivery costs in Case A, for the two energy price scenarios. While 
Figure 7 focuses on transport by ship of the different carrier options considered, Figure 8 depicts the case of 
transport by pipeline. These figures also show the share of costs for specific parts of the delivery pathway 
(packing, unpacking, carrier costs, hydrogen losses and transport and storage) for each of the options considered 
and the two energy price scenarios.  

One of the objectives of this study is to understand the economic advantage of importing hydrogen from places 
with lower renewable energy costs/prices, with a particular focus on the internal EU hydrogen market. From the 
results shown in Figure 7 it can be concluded that, for distances of 2 500 km between hydrogen production 
and hydrogen demand locations (compatible with a potential internal EU hydrogen market), imports of hydrogen 
can economically be competitive if the renewable electricity generation cost differences are above EUR 20/MWh, 
considering the boundary conditions for this scenario (Case A, low electricity price). 

Comparing Figure 7 and Figure 8 it can be concluded that transport of compressed hydrogen by pipeline is 
the cheapest delivery option in Case A, independent of the energy price scenario. Transport by ship of pure 
forms of hydrogen (i.e. compressed gas and liquefied hydrogen) also appear as a competitive solution. LOHC, if 
waste heat is available at the consumption site at the assumed price, could also be a low-cost option for 
hydrogen delivery.  

Therefore, chemical carriers, despite their very low transport costs, are identified as less cost effective options 
for hydrogen delivery. The analysis shows how the cost related to packing and unpacking more than negate the 
advantages of the very low transport costs. Packing and unpacking costs for chemical carriers are however 
strongly influenced by energy costs, meaning that lower energy prices would make them more competitive, as 
can be observed in the figures later in this Section.  

In the case of compressed hydrogen delivered by ship, it can be seen that the final cost is dominated by the 
transport costs. Due to its lower density, transport of compressed hydrogen requires a bigger and more 
expensive fleet than any other packaging mode. However, the packing and unpacking costs (i.e. compression 
costs) are low enough to compensate for the higher transport costs. This makes compressed hydrogen by ship 
an attractive option, for Case A, with a delivery distance of 2 500 km (for other distances, see Section 6.4). As 
for this pathway costs are dominated by transport costs (i.e. ship fleet plus fuel), final delivery costs do not 
show a remarkable difference between energy price scenarios for this pathway (see Figure 7). 

LH2 can be seen as an intermediate step between compressed hydrogen and chemical carriers. Whereas, owing 
to its higher density, its transport costs are lower than for compressed hydrogen, (but higher than for chemical 
carriers), its packing costs (i.e. liquefaction) are considerably higher than in the case of compressed hydrogen 
(but lower than that of chemical carriers). The latter is explained by the lower packaging (packing and unpacking) 
energy requirements for LH2 compare to chemical carriers, and also because most of its packaging energy 
demand is covered in the location where the energy prices are lower (exporting terminal), contrary to chemical 
carriers, where most of energy demand happens close to the final use location (i.e. higher energy prices). 

Due to the assumption made in this study (LH2 losses only occur during shipping), costs related to H2 losses in 
the LH2 pathway are relatively low. However, the influence of boil-off on the final costs goes beyond the cost 
related to H2 losses. For instance, a bigger liquefaction plant is required to cover the delivery chain demand. H2 



53 

losses and boil-off also requires higher energy demand, since additional hydrogen has to be liquefied (due to 
H2 losses), and some additional hydrogen is re-liquefied (the amount boiled-off but not lost).  

Similarly, for transport costs, a bigger fleet will be required to transport the additional amount of hydrogen 
necessary to compensate the boil-off. The requirements to over-dimension the equipment of the supply chain 
(and the extra energy consumption) due to boil-off reduces along the supply chain. For the case presented here, 
boil-off increases the packing costs by 10-12%. For transport, boil-off implies an increase of 3-5%, while 
unpacking costs are barely affected by boil-off. 

NH3 has a high energy demand for unpacking, as well as high capital costs for the unpacking plants. For 
transport and packing, the costs are in between those for the CGH2 and LOHC options.  

The carrier cost is a major share of the delivery costs for MeOH (shown as “carrier” in Figure 21 and Figure 
22). This is due to the high energy demand for DAC. For MeOH, the packing and unpacking costs are quite 
balanced, which is due to the relatively higher energy demand for packing than for the other chemical carriers. 
This is compensated by a lower energy demand for unpacking (see Figure 12).  

For LOHC, different scenarios are shown in Figure 7 and Figure 8 based on the source of energy for 
dehydrogenation. The options compared are waste heat, electricity and hydrogen. LOHC unpacking costs have 
the highest share of total costs (see also Figure 26) and even for the waste heat case. Transport costs, as 
mentioned above, are low, which makes this option more attractive for longer transport distances than 
considered in Case A (see section 6.4). The waste heat option is very competitive, but of course contingent on 
the availability of cheap, high grade (250˚C) waste heat. This may be the case for specific applications, such 
as steel manufacturing. The use of hydrogen to provide the energy for dehydrogenation is not found to be a 
convincing alternative, even in the case of low electricity prices. Using electricity to provide heat for 
dehydrogenation is the cheaper option, for both electricity price scenarios.  

Figure 7 Hydrogen delivery costs for Case A (delivery by ship). High and Low electricity prices for each carrier. 

 

Source: JRC analysis 
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Figure 8  Hydrogen delivery costs for Case A (delivery through pipeline). High and Low electricity prices for each carrier. 

 

Source: JRC analysis 

Transport and storage costs of the whole infrastructure include storage tanks, pipelines, pumping stations, and 
their maintenance and operation.  

Figure 8 shows that transport and storage costs are barely affected by the electricity price scenario; on the 
other hand, packing costs are reduced by 1/3 with lower energy prices. Hydrogen losses represent between 1-
2% of total delivery cost, depending on the electricity price scenario.  

Transport and storage costs represent the higher share of costs for transporting compressed hydrogen through 
pipelines (see Figure 8). For compressed hydrogen, packing costs include investment in all compressor stations 
along the pipeline and their operational and maintenance costs.  

The costs of transporting chemical carriers through pipelines are significantly higher than those for compressed 
hydrogen. The lower costs in pipeline infrastructure for chemical carriers, due to their higher density (and the 
fact that they are transported in liquid state) do not compensate the costs for the packing/unpacking that 
chemical carriers have in comparison to compressed hydrogen. Moreover, unlike compressed hydrogen, 
hydrogen delivery with chemical carriers show lower costs when transported by ship, unless for the high 
electricity price scenario. It has to be recalled that electricity price scenarios only modify electricity prices and 
not fuel prices. Therefore, delivery through pipelines is more influenced by these scenarios (e.g. for the low 
energy cost scenario, pipeline transport for NH3 and MeOH has comparable costs to delivery by ship). Another 
factor in favour of the transport by ship of these carriers is their higher density, in comparison to compressed 
hydrogen. The combination of higher density, ship size and ship speed, results in that for the same amount, or 
more correctly, the same flowrate of carrier, delivery by ship requires less energy and material costs than 
pipelines do. 

It can be observed in that transport and storage costs in any of the LOHC pathways are significantly higher 
than in any other pathway. This is logical, considering that the LOHC pathway requires a double pipeline, one to 
send the hydrogenated LOHC to its destination and one to return the dehydrogenated LOHC. For the LOHC-
hydrogen pathway, a greater amount of LOHC has to be transported (around 40% more, to provide energy for 
dehydrogenation), it has the highest transport and storage costs among all the LOHC pathways.  

An analysis on cost distribution between costs related to investments (i.e. CAPEX) and costs related to the 
operation (OPEX plus energy costs) is shown in Figure 9 and Figure 10.  All options except for LH2 are 
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dominated by operational costs, and are therefore more sensitive to energy price variations. As can be seen 
from Figure 9. CAPEX50 for LOHC is the lowest for all the options considered51, making this a competitive route 
especially for the low energy cost scenario. It should be noted that this assumption is based on industry 
estimates, rather than data from existing plants, and is therefore subject to considerable uncertainty. Both LH2 
and NH3 have the highest CAPEX costs, but as LH2 needs less energy for packing/unpacking than NH3 (see also 
Figure 12), operational costs are considerably lower.  

Figure 9 CAPEX vs OPEX + energy cost for hydrogen delivery by ship 

 

Source: JRC analysis 

In the case of compressed hydrogen delivered by pipeline, costs are mostly related to infrastructure, i.e. pipelines 
and compressors (see Figure 10). This suggests that repurposing existing natural gas pipelines for hydrogen 
transport would significantly decrease the associated delivery cost, making this option even more competitive. 
The natural gas industry estimates that cost savings could be more than 50% compared to a newly built pipeline 
[43].  

A previous study by the JRC had different outcomes of the delivery cost assessment, due to changes in some 
of the assumptions. This is discussed further in Section 6.6.  

 

 

 

 

 

                                          
50 See Section 3 for more detail on CAPEX assumptions. 
51 This is based on the assumption that the costs of the packing and unpacking processes are lower than for the other options due to the 

lower technical complexity.  
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Figure 10 CAPEX vs OPEX + energy cost for hydrogen delivery through pipelines 

 

Source: JRC analysis 

6.2 Case B 

A more distributed delivery scenario involving smaller quantities of hydrogen (Case B) leads to different 
conclusions. Transport and storage costs increase significantly in this scenario, in particular penalising the 
packaging solutions with lower gravimetric density (i.e. compressed hydrogen). Liquefied hydrogen appears as 
the cheapest option for the scenario considered here (Case B, see Figure 11), also because achieving the purity 
level required by HRS is more demanding for chemical carriers. LH2 delivery costs could be as low as EUR 2.51 
for the low electricity cost scenario, to EUR 3.19 in case of high electricity costs. Regarding chemical carriers, it 
has to be recalled that for the case of NH3 and MeOH, it is assumed that carrier unpacking takes place at the 
railport (see 5.2.5), as the last leg of the delivery route is in the form compressed hydrogen. This brings an 
additional cost in terms of CGH2 containers and transport (due to lower density of compressed hydrogen), 
explaining the high costs related to transport and storage for these carriers. This also serves to explain the 
similar costs that CGH2 and NH3 (ranging from EUR 3.36 – 3.75).  

Two possible scenarios are considered for hydrogen delivered by LOHC (see 5.2.5), either the LOHC is 
dehydrogenated at the railport (and transported in gaseous form to the HRS) or LOHC dehydrogenation takes 
place at the HRS. Results of this analysis showed that when dehydrogenation takes place at the railport, the 
delivery costs are lower than in the HRS scenario. Therefore, values reported in Figure 11 correspond to 
dehydrogenation at the railport. For the low electricity cost scenario, LOHC is the second cheapest option, if 
electricity is used to provide heat for dehydrogenation. It was assumed that waste heat would not be readily 
available at a railport or HRS, so this option was not considered.  

A containerised delivery option has been assessed against the delivery in bulk as well for Case B (only for 
compressed and liquefied hydrogen). This implies that the containers are delivered from the hydrogen 
production site (i.e. exporting terminal) to the HRS, with no emptying/refilling steps in between, contrary to bulk 
delivery. Although this is interesting in terms of simplifying logistics, costs are higher than the bulk delivery 
options, particularly in the case of CGH2. This can be attributed to the high number of containers needed, 
combined with the cost of the containers themselves. LH2 delivery by containers shows better performance than 
CGH2 when compared to their respective bulk delivery options. This is due, on the one hand, to a higher transport 
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density than in the case of CGH2 (so less containers are needed for the same amount of hydrogen transported) 
and, on the other hand, to the lack of hydrogen losses, unlike for LH2 bulk transport  

As evidenced by Figure 11, unpacking costs are dominant for most chemical carrier options for Case B.  

Figure 11 Hydrogen delivery costs for Case B (distributed delivery). High and Low electricity prices for each carrier. 

 

Source: JRC analysis 

While comparing hydrogen costs between Case A and Case B (see Figure 7 vs Figure 11) it should also be 
noted that a smaller amount of hydrogen is distributed in the latter case. Economies of scale also influence the 
final cost of hydrogen, particularly the cost shares related to the packing and unpacking processes. 
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6.3 Energy demand 

The energy demand of the various hydrogen delivery options have been assessed for both Case A (Figure 12) 
and Case B (Figure 13). As indicated in section 5, thermal energy demand can be covered with waste heat (only 
for LOHC), electric heaters or burning fuel (either hydrogen, ammonia or methanol).  In case of hydrogen losses, 
or hydrogen used as fuel, the energy considered is the energy necessary for the fuel production (i.e. 180 MJ/kg 
H2, considering a 50 kWh/ kg H2 electrolyser efficiency) and not the heating value of the fuel (i.e. 120 MJ/kg H2), 
as in this study hydrogen is produced via water electrolysis. A similar approach is used for other fuels. This 
approach increases the total amount of energy consumed by the pathway, but it offers a more realistic estimate 
than the one given simply considering the energy requirements for each step in the delivery chain as outlined 
in section 5.5. 

Compressed and liquefied hydrogen are the least energy demanding distribution options in both Case A and 
Case B, while methanol is the most energy demanding pathway due to the Direct Air Capture of CO2. This has 
been added under the cost category “Carrier”, as the CO2 is needed to produce methanol.  

Analysis of energy demand for Case A shows that, for liquefied hydrogen, more than 80% of its energy demand 
is related to the liquefaction process (i.e. packing). For NH3 and LOHC, energy demand concentrates in the 
unpacking process (around 75% in the case of NH3 and LOHC). The packing process for NH3 is also energy 
demanding, unlike for LOHC. 

On the contrary, energy demand in the case of CGH2 is dominated by transport energy requirements, particularly 
for CGH2 delivered by ship (more than 70% of energy demand related to transport). For CGH2 delivered through 
pipeline, transport energy represents around 45% of the energy requirements, however, the energy demand of 
the compressor at the beginning of the pipeline has been considered as packing. If this compressor was also 
considered as part of the transport, then energy related to transport will represent almost the 80% of the 
energy demand for this pathway. 

Energy demand for chemical carriers delivered through pipelines is not represented in Figure 12. Analysis 
showed that energy requirements are quite similar to the ones of their respective chemical carrier delivered by 
ship. This can be explained as energy demand for these pathways is also dominated by the packing/unpacking 
step, therefore the energy demand related to transport (the only step in which pipeline and ship may differ) is 
only a small fraction of the total.  

CGH2 pipeline energy demand, on the other hand, is significantly lower (5.6 MJ/kg H2) than CGH2 by ship (24.4 
MJ/ kg H2), due to lower compression requirements and the higher transport efficiency of pipeline compared to 
CGH2 ship.  

Another advantage of pipelines (except LOHC) when compared to ship transport is that pipelines do not need to 
perform a return trip (as ships do) from the delivery location to the hydrogen production site, as these sites are 
permanently connected through the pipeline. Other energy advantage of transport through pipeline is that 
energy is only used to move the fluid (either hydrogen or chemical carrier), while in the case of delivery by ship 
energy is necessary to move both the fluid and the ship.   

Case B brings an additional 500 km delivery distance, in addition to a more distributed network, when compared 
to Case A. Despite the extra amount of energy demand from the train/truck distribution leg, transport energy 
demand still represents a small fraction of the energy demand of hydrogen delivery except in the case of CGH2. 
For the LOHC pathway, the values showed in Figure 13 correspond to the case where unpacking takes place 
at the railport. 

Packing and unpacking energy requirements, per kg of hydrogen, should not change between Case A and Case 
B, as their efficiency is not dependent on plant size, as mentioned in section 6.4.   

However, this is not the case for the LH2 pathway. The addition of several steps for delivery in Case B implies a 
significant increase in hydrogen losses and hydrogen boil-off, due to additional travelling distance and transfers 
between transport and storage. The hydrogen losses increase the energy demand for this pathway as more 
hydrogen has to be produced (per kg of hydrogen delivered) but also because they will imply a higher energy 
demand for the packing, as more hydrogen has to be liquefied. Additionally, the higher amount of boil-off will 
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also incur more hydrogen being reliquefied, increasing also the energy demand for packing per kg of hydrogen 
delivered.  

Another aspect that justifies a higher energy demand for Case B than for Case A is that the former requires 
that hydrogen is delivered at higher pressure and purity than in Case A. This is particularly relevant for the 
chemical carrier pathways, where this additional step requires around 10-11 MJ/ kg H2.  In the case of NH3, 
energy demand for the final compression and purification of the hydrogen delivered is included in the unpacking 
energy, as the ammonia cracking plants considered already included the purification and compression system.   

Figure 12 Energy demand per kg of hydrogen delivered (Case A) 

 

Source: JRC analysis 
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 Figure 13 Energy demand per kg of hydrogen delivered (Case B)  

 

Source: JRC analysis 

In order to put the values of energy demand for each pathway into context, they are compared in Table 14 
against the energy necessary to produce 1 kg of hydrogen (180 MJ/kg H2, considering a 50 kWh/ kg H2 
electrolyser efficiency). Whereas in Case A, delivery of 1 kg of hydrogen through CGH2 pipelines only requires 
3% more energy, delivery of 1 kg of hydrogen through the MeOH pathway needs a similar amount of energy 
(85%) as necessary for its production. Values for Case B show that, after hydrogen production, at least an 
additional 20% of energy will be necessary for its delivery. Moreover, for some pathways the energy demand 
for delivery is more than half the energy demand for production (e.g. NH3) or almost equal (i.e. MeOH). In Table 
14 it can be also be observed that moving to more distributed delivery networks has a higher impact in CGH2 
and LH2 pathways energy demand (between 50% and 100% increase compared to Case A) than for chemical 
carriers (5-15 % increase). However, the better performance of chemical carriers in terms of transport is still 
not sufficient to compensate for the high energy demand of packing and unpacking processes. 

Table 14 Delivery energy demand vs Hydrogen production energy demand. Source: JRC analysis.  

 

Energy ratio between 
hydrogen delivery and 
hydrogen production  

Pathway Case A Case B 

CGH2  0.14 0.21 

LH2 0.16 0.34 

NH3 0.53 0.58 

MeOH 0.85 0.91 
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LOHC (electricity/waste heat) 0.32 0.41 

LOHC (hydrogen) 0.75 0.82 

CGH2 (pipeline) 0.03 N/A 

Energy requirements will increase with delivery distance, but not all the energy needs related to hydrogen 
delivery are distance dependent. While energy demand for transport will depend on delivery distance, energy 
requirements related to packing/unpacking plants or storage will remain the same, independent of the delivery 
distance. Nevertheless, in the case of the LH2 pathway, liquefaction energy requirements will increase with 
distance, as more hydrogen will be lost due to boil-off (see Section 5.5.2.3). Average energy requirements per 
delivery distance (including return trip) and per kg of hydrogen delivered for transport by ship considered in this 
study (for Case A) can be seen in Table 15, where transport energy requirements for CGH2 pipelines (i.e. 
compression work) are also included.  

In Figure 14, energy requirements against distance are plotted. Despite lower transport energy requirements, 
chemical carriers perform worse, from energy point of view, than LH2 and CGH2 (pipeline) for any distance 
considered due to their very high energy needs for packing/unpacking. CGH2 delivered by ship is the opposite 
case to chemical carriers, with very low packing/unpacking energy requirements but high transport energy 
needs, due to its low density, becoming the most energy demanding pathway for very long distances, together 
with LOHC pathway (unpacking with hydrogen).  

Table 15 Average transport energy demand (Case A). Source: JRC analysis. 

Pathway Transport 
energy 
demand (kJ/kg 
H2 · km) 

CGH2  7.12 

LH2 1.41 

NH3 0.83 

MeOH 0.66 

LOHC (electricity/waste heat) 0.85 

LOHC (hydrogen) 1.38 

CGH2 (pipeline) 1 
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Figure 14. Energy demand against delivery distance. 

 

Source: JRC analysis 

6.4 Cost vs delivery rate 

The influence of the delivery rate (tonnes of H2 per year) on the costs of hydrogen delivery can be observed 
when comparing both cases. However, the additional complexity of Case B does not allow for a direct 
comparison of this aspect.  
 
Delivery rate influence has been analyzed in the particular case of compressed hydrogen pipelines. Considering 
delivery distances compatible with Case A (i.e. 2 500 km), the delivery costs per unit of hydrogen (kg) in three 
different annual delivery rate scenarios has been calculated. Results are shown in Figure 15. In the pathway 
analyzed, a ten-fold increase on hydrogen delivery rate (i.e. from 0.1 Mt/year to 1 Mt/year) reduces the delivery 
costs of a unit of hydrogen by around 2/3. However, it is expected that for delivery rates higher than the ones 
analyzed here, the cost of delivery per unit of hydrogen would only reduce marginally.  
 
For the delivery rate range considered, pipelines are the only delivery pathway where economies of scale are 
applied for the whole delivery rate range considered, therefore, pipelines show a bigger variation in delivery 
costs as function of the delivery rate than any other pathway. For the rest of the pathways, economies of scale 
are applied up to certain size and from there a liner approach is taken (see Section 3). This implies that delivery 
costs are less dependent on delivery rate, for the range considered.  
 
Costs were calculated based on the two electricity prices scenarios (“Hi” and “Lo”). Cost differences between 
two energy price scenarios observed in Figure 15 do not show a dependence on delivery rate. This difference 
is around 0.08 EUR/kg H2 in each delivery rate scenario.  
 
This can be explained considering two aspects: 1) pathway energy demand (i.e. costs affected by electricity 
price) is defined by the energy demand of the equipment comprising the pathway, 2) equipment efficiency (e.g. 
MJ/kg H2) considered in this pathway (i.e. compressed hydrogen pipelines) is independent of equipment size. For 
2), energy demand per hydrogen unit will remain constant in any delivery rate scenario, the energy costs 
difference should remain constant between energy price scenarios. This applies to any other pathway where 
the efficiency of the equipment does not depend on equipment size. 
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As an additional observation, due to the lack of dependence on delivery rate, the impact of energy prices on 
delivery costs is proportionally higher the lower the total cost, i.e. for large delivery rates.  
 
Figure 15 Hydrogen delivery costs (through compressed hydrogen pipelines) as a function of annual hydrogen delivered 
amount 

Source: JRC analysis 

 

6.5 Cost vs distance 

Figure 16 and Figure 17 show the evolution of hydrogen delivery costs with distance, up to 25 000 km for 
delivery rates equivalent to those of Case A (i.e. 1 Mt H2 per year) 

For low electricity prices (see Figure 16), hydrogen pipelines are the cheapest option up to around 6 500 km, 
after which LH2 becomes the more economic option. From around 10 000 km LOHC becomes the most cost 
competitive. For very long distances (above 15 000 km), chemical carriers (ammonia and LOHC) perform better 
than LH2, mainly due to the issue of boil-off. Should pipelines not be available, shipping of compressed hydrogen 
is cheapest up to 3 000 km. 
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Figure 16 Hydrogen delivery costs plotted against distance for 1 Mt H2/year and low electricity price.  

 

Source: JRC analysis 

In the case of high electricity prices, CGH2 pipelines also appear as the most economic option up to 7 500 km, 
where it is outperformed by LH2, If CGH2 pipelines is not a feasible option, delivery of hydrogen in CGH2 ships is 
the cheapest option up to 4 000 km, and from there LH2, as it can be seen in Figure 17. Chemical carriers do 
not show up as an interesting option in this scenario, this can be mainly explained by the fact that chemical 
carriers are more influenced by high electricity prices than liquid hydrogen. It has to be recalled that liquefaction 
of hydrogen takes place at production site with lower electricity prices than delivery site, where chemical carriers 
as NH3 and LOHC are processed.  

The MeOH pathway is the most expensive amongst the chemical carriers, for any electricity price scenario and 
distance considered.  Its low transport costs are not enough to compensate the high costs related to its 
packing/unpacking and the CO2 DAC necessary for the MeOH synthesis, even in the case of very long delivery 
distances.  

In order to optimize delivery costs, the LOHC ships’ capacity is modified with delivery distance, this explains the 
sudden changes observed in the LOHC trend (around 5 000 km). For other pathways this approach was not 
applied since the authors of this study considered that the use of bigger ships for those pathways would not 
be realistic.  
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Figure 17 Hydrogen delivery costs plotted against distance for for 1 Mt H2/year and high electricity price.  

 

Source: JRC analysis 

Preliminary results of this study have been published in a policy brief [3]. Since then, the authors have refined 
the model and made several changes to the assumptions.  

The following changes have been made to the assumptions, compared to [3]: 

• CAPEX for the processing plants has increased, as the costs are assumed to scale linearly from a 
specific capacity onwards. This leads to higher costs for liquefactions plants. LOHC is mainly OPEX 
driven, and therefore less affected by this change in assumptions.  

• The delivery chain has become more complex, including additional steps of compression and storage, 
to better reflect a probable scenario. 

• The costs for compressors have been reduced, leading to lower costs for H2 pipelines. 

• The costs for CGH2 ships have been increased. 

• The amount of LOHC assumed to be needed for long distance shipping has been increased significantly. 
The size of the ships is increased from a Suezmax capacity to VLCC from 5 000 km onwards.  

Whereas the overall outcome of the study remains largely the same, there are some important differences, the 
main one being that the costs of all the shipping options has increased considerably. This can be partially 
attributed to the fact that the scaling factor for CAPEX has been set to linear from 100 000 t/year plant capacity. 
The authors do not believe that in the timeframe considered (2030+), large single plants for packing/unpacking 
would be built. For a future hydrogen economy, this assumption could be revisited. The comparison of the 
outcomes reveals the role of basic assumptions on CAPEX and OPEX on the ranking of hydrogen delivery options.  
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6.6 Comparison to other studies 

A large number of studies have been published on the topics of hydrogen delivery. These studies have attempted 
to identify the lowest cost transport solution for various use cases.  Comparisons between the different options 
have also been made considering energy demand and in some cases GHG emissions. A full literature review is 
outside the scope of this work, however, the differences between our results and those of a few selected recent 
studies are briefly summarised. In literature, the “best” option (in terms of economics) was identified as either 
LH2 [255], NH3 [21], [256] or LOHC [257]. The various outcomes can partially be explained by differences in the 
scenarios used, for example the amount of hydrogen transported, and the distance considered. Also the 
assumptions for costs and energy demand of the many technologies involved diverge widely. It is therefore not 
possible to compare the results directly.  

In recent work by Ishimoto et al., the options of LH2, NH3 and pipeline transport have been compared [255]. The 
energy demand, GHG emissions, and costs for transport of hydrogen from Norway to either Rotterdam or Tokyo 
have been derived. The amount of hydrogen to be transported compares to our Case B with 128 000 – 157 000 
t H2/year. The outcome of the study revealed that the LH2 option for transport to Rotterdam was more cost 
effective than the NH3 pathway, which is in line with our findings. Also, considering delivery to Tokyo, LH2 has 
either similar or lower costs than the NH3 pathway, depending on conservative or optimistic assumptions 
regarding LH2 processing and handling costs. The LH2 transport to Rotterdam costs EUR 2.27, for a transport 
distance of 2 539 km, which is far higher than we have found (see Figure 7). This difference can, at least in 
part, be attributed to the much higher LH2 infrastructure costs assumed in the Ishimoto et al. study.  

The IEA Future of Hydrogen report also compares various hydrogen delivery pathways [177] and [258], namely 
CGH2, LOHC and NH3. For some of the cost calculations, the IEA studies are based on today’s costs, rather than 
on potential future costs as is the case for our study, a difference which is particularly relevant for low TRL 
technologies. For pipeline costs, CGH2 and NH3 options were compared with figures provided up to 3 000 km. 
The cost for hydrogen distribution by pipeline was given as USD 2 / kg H2 for a distance of 3 000 km, which is 
far higher than the costs assumed in our study (< EUR 1/kg H2, see Figure 8). NH3 costs for the same distance 
are about USD 1.2/kg H2 (compared to EUR 1.6 – 2.9/kg H2). It is not possible to fully understand this discrepancy 
based on the assumptions given in the IEA study, but as the costs for the pipeline itself are similar, the 
differences would have to be attributed to the compression step. Both CAPEX and OPEX for compressors are 
likely to be much higher in the IEA study. In our study these have been optimised for the amount of hydrogen 
or ammonia to be transported. Compression needs have been calculated bottom up based on pipeline diameter 
and the pressure drop. There are also major differences in the costs for shipping of LH2, where in our study the 
costs are considerably lower. It should be noted that in the IEA report, the costs for shipping include the costs 
for liquefaction, whereas for the LOHC and NH3 pathways, the costs for dehydrogenation/cracking are not 
included. The costs for the transport part itself would be around USD 0.4 / kg H2 for 3 000 km, compared to 
EUR 0.34-0.37 / kg H2 for 2 500 km in this study. The overall difference is partially due to the boil-off rate 
considered (0.2%/d in the IEA report vs 0.1%/d in the present study). For hydrogen conversion, the costs provided 
in the IEA report are higher for all three options [177]. For LH2, this is likely to be attributable to the electricity 
costs, as other assumptions are similar. Otherwise the IEA study is based on today’s costs rather than future 
costs of the technologies, as already mentioned, which leads to higher costs for conversion technologies.  

In “A North Africa – Europe Hydrogen Manifesto”, Ad van Wijk et al. made the case for the large scale import of 
hydrogen to Europe [16]. In this vision, a 1 000 GW pipeline connection between Europe and North Africa would 
be installed by 2050, also converting existing natural gas pipelines. A report by the Hydrogen Import Coalition 
has found that large scale green hydrogen imports to Belgium is technically feasible and cost-effective [19]. 
Hydrogen is seen as playing a crucial role to enable carbon neutrality, for end-users such as shipping and 
aviation, and as a feedstock for industrial clusters. Several import locations were assessed, ranging from 
Australia to the North Sea. The study considered several cases, with the use case for importation from Morocco 
being most similar to our study. The findings show that, for the time horizon of 2030-2035, the lowest cost 
options are NH3 and MeOH, with an overall cost of around EUR 2.25/kg H2, with a hydrogen cost of around EUR 
1.2 / kg H2. The delivery options LH2 and LOHC are more costly at about EUR 2.7 / kg H2. Also hydrogen delivered 
by pipeline is found to be more expensive than the delivery as NH3 or MeOH, a marked difference to the outcome 
of our study. This could possibly be attributed to the assumed compression costs, or for the unpacking costs for 
NH3 and MeOH.   
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A study by Hank et al. assessed five different hydrogen delivery pathways (LH2, LOHC, methanol, methane, 
ammonia) as to their energy efficiency and costs, for a case study considering the transport of 42 500 t H2/year 
from Morocco to northern Europe [21]. LH2 and NH3 are the most economic options, with delivery costs around 
1.70 EUR / kg H2. The main difference to the results of our study is the much lower cost assumed for NH3, which 
comes out as the lowest cost option for shipping, for all distances. Among the outcomes was that LOHC has the 
highest overall cost among those studied, which can be attributed to the high purchasing costs for DBT.  A 
similar amount of DBT was assumed to be necessary as for our Case B, which, however, in our study is used to 
transport more than double the amount of hydrogen to be delivered as in the Hank study. Due to the high costs 
for DBT, we assume that the logistics of this pathway would be optimised as far as possible, and that the 
amount of DBT needed can be reduced.   

Raab et al. [175] compared various  liquid hydrogen carriers,  LH2 and two types of LOHC, for transport of 
hydrogen from Australia to Japan. The total delivery costs range are in line with the outcomes of this study, 
apart from the fact that the costs for the LOHC pathways in the study by Raab et al. have lower costs than the 
LH2 option. They assume that the dehydrogenation costs are far lower, as LNG is used to provide the heat, 
whereas in our study either electricity or hydrogen is used. This choice was made to minimise the CO2 footprint 
of hydrogen transport.  

 In 2021, IRENA published the study “Green Hydrogen Supply” [259], which compared several hydrogen transport 
options over distance, all with higher costs than in the JRC study. IRENA published a more detailed assessment 
of hydrogen delivery options in 2022 [256], in this report a cost comparison is made for ammonia, LH2, LOHC 
and hydrogen pipelines. The IRENA study found that, apart from pipelines, ammonia shipping is the most cost 
effective option, with costs being 7-23% lower than that of the other alternatives. Ammonia cracking is said to 
contribute around 30-40% of the total cost. In the JRC study, the costs for ammonia cracking are much higher, 
at 72-75% of the cost, which helps explain the different outcomes (Figure 24 and Figure 25). Since our 
assessment uses hydrogen and ammonia as a source of heat for cracking ammonia, this significantly increases 
the final costs for ammonia as a carrier. The costs for LH2 ships are a major cost component in the IRENA study, 
but not in the JRC study, where the cost for this option is dominated by the liquefaction plant and energy 
demand, at close to 70% (see Figure 20 and Figure 21). For LOHC the IRENA study found that the costs for 
purchasing the carrier material can be considerable, and similar to the cost of the ships. In the JRC study, the 
cost of the DBT is almost twice that of the ships, and constitutes 12% of the total costs (see Figure 26 and 
Figure 27).  A similar analysis of transport cost as a function of distance is shown in the IRENA study (Fig. 6.7, 
compare to Figure 17 in the JRC study). New pipelines are shown to be the most economic option (except for 
repurposed pipeline, which are cheaper) up to a distance of 3 000 km, following which ammonia shipping 
becomes the most economic option. Comparing the two figures, the costs are generally much lower in the IRENA 
study (the assumed volumes of hydrogen to be transported were higher at 1.5 Mt H2/year), in particular the 
costs of Ammonia for packing and unpacking.   

The Levelised Cost of Hydrogen for hydrogen delivered to HRS was calculated as part of a study by the ASSET 
(Advanced System Studies for Energy Transition) project, which is providing studies to support EU policy making. 
This work aimed at identifying investment opportunities for the hydrogen value chain, and the report looked 
into the different cost components of hydrogen delivery. For the low cost case, the transmission, distribution 
and storage cost components amounted to around EUR 0.5/kg H2, for pipeline distribution over 600 km, which 
is roughly in line with the results of this study.  

Roland Berger [260] recently published a study comparing hydrogen transport options, LOHC, ammonia and LH2. 
Similar to the findings of this study, the report concludes that there is not one single, best solution for all use 
cases. Four scenarios were assessed, referred to as archetypes.  One of these was a simple harbour to harbour 
delivery, as in our Case A, but with a distance of 12 000 km one way and a volume of hydrogen of 73 000 
t/year. Another archetype was a multimodal delivery as for our Case B, but also including inland shipping, for a 
volume of 7 300 t/year. The studies are therefore not directly comparable, also as the Roland Berger report 
does not provide any details on the assumptions. The most cost effective option for the harbour to harbour 
case is LOHC, with delivery costs ranging from 1.6 – 1.9 EUR/kg H2 transported for the 2035 scenario. 
Considering the lower volume transported, the figures could be considered roughly in line with those found in 
our study, with the exception of ammonia. For LH2, the main differences are likely to be the assumed costs for 
conversion and shipping.  
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In summary, the many assumptions (and their inherent uncertainty) that have to be made for the calculation 
of the cost of hydrogen delivery can help explain the differences in the outcomes of the various studies. The 
list above is by no means exhaustive, and only serves to illustrate this fact. Indeed even two pathways based 
on the same carrier will likely obtain different results depending on the assumptions made on volumes 
transported and distances considered and in particular regarding the technological parameters and energy 
sources used for the transport value chain. Reducing the uncertainty of the assumptions is therefore a key 
objective for further research, see also Section 8.3.  
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7 Conclusions 

This report presents the analysis of cost and energy requirements of hydrogen delivery in EU-compatible 
scenarios. It considers two delivery cases, Case A and Case B, and two electricity price scenarios. Case A 
represents a simple point to point delivery scenario (with a delivery rate of 1 Mt H2 per year), whereas Case B 
is a more complex distribution pathway (with a delivery rate of 100 kt H2 per year). This study considers several 
packaging options for the hydrogen delivery, comprising delivery in its pure form (i.e. CGH2 and LH2) or using 
hydrogen chemical carriers such as NH3, MeOH or LOHC. Additionally, for Case A, two transport options (i.e. 
shipping and pipelines52) have been analysed.  

From energy point of view, delivery of compressed hydrogen by pipeline is the most interesting option by far. It 
combines a very low energy demand for packing with relatively low energy requirements for the transport. CGH2 
delivered by ship is also identified as a delivery option with low energy demand, although it has the highest 
transport energy demand, its energy needs for packing are very low. LH2 also offers good energy performance, 
particularly for Case A. However, in more distributed networks (i.e. Case B), hydrogen losses become a relevant 
source of energy demand, worsening the performance of this option.   

For chemical carriers, having low energy demand related to their transport is not enough to compensate for the 
high energy requirements for their respective packing and/or unpacking processes. This is the case in particular 
for MeOH, due to the high energy consumption of the DAC necessary to supply the CO2 for its synthesis. For 
this pathway (MeOH) it has been concluded that energy for hydrogen delivery is similar to the energy need for 
hydrogen production. This contrasts with CGH2 by pipeline, where energy for delivery is equivalent to only 3 % 
of the energy necessary for hydrogen production. 

Regarding delivery costs, for the cases and scenarios considered, hydrogen delivery in its pure form (i.e. CGH2 
and LH2) are identified as the most competitive delivery options. This is mainly due to the lower complexity of 
the delivery chain, not involving chemical transformations. For Case A, CGH2 delivered through pipeline is the 
most cost effective option, followed by CGH2 delivered by ship and LH2. However, under certain conditions (waste 
heat as energy source and low electricity prices) LOHC become a very interesting option, only outperformed by 
CGH2 delivered through pipeline. 

Case A also served to understand the economic advantage of importing hydrogen from places with lower 
renewable energy costs/prices, with a particular focus on the internal EU hydrogen market. From the results of 
the analysis it can be concluded that, for distances of 2 500 km between hydrogen production and hydrogen 
demand locations (compatible with a potential internal EU hydrogen market), imports of hydrogen can 
economically be competitive if the renewable electricity generation cost differences are above EUR 20/MWh, 
considering the boundary conditions for this scenario (low electricity price). 

When referring to Case B, LH2 is the most competitive pathway, as a more distributed delivery network has 
higher impact on transport cost for the CGH2 than for the LH2 pathway. Cost differences between the most cost 
competitive options (LH2 and CGH2) and chemical carriers are smaller in Case B than in Case A, as more transport 
is necessary (which benefits higher density carriers), however, the requirements in terms of purity and pressure 
defined for Case B plays against their cost competitiveness.   

Electricity prices influence the final delivery costs, particularly in the case of chemical carrier pathways, which 
are highly influenced by electricity price variability. Unpacking chemical carriers accounts for a significant share 
of their total cost, mostly due to the processes’ high thermal energy demand and the fact that unpacking plants 
are likely to be placed in locations with a relatively high electricity price. The fact that for these options the 
highest energy demand is during the dehydrogenation process, i.e. at the customer site, is a disadvantage 
compared to the CGH2 or LH2 delivery options. In our assumptions, electricity in unpacking sites will have higher 
costs as well as a higher GHG footprint than the electricity at the hydrogen production site. Optimization of 
unpacking processes has a key role to play in increasing the competitiveness of the chemical carrier pathways. 
It should be noted that, in this study, thermal energy required for the unpacking process was not considered to 
derive from fossil fuels and this significantly impacts the overall unpacking costs for chemical carriers. 

                                          
52 Pipeline transport was not considered for LH2.  
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From the outcome of this study, chemical carriers do not seem to be an attractive option for hydrogen delivery, 
except in the case of LOHC using waste heat as energy source. However, it could be argued that for longer 
delivery distances they could perform better than CGH2 and LH2, as their transport requirements in terms of 
cost and energy are smaller. For that reason, analysis of the influence of distance delivery on cost and energy 
requirements have been also assessed. The analysis showed that chemical carriers could be the most 
competitive option for distances above 10 000 km, and in a low electricity price scenario. For high electricity 
price scenario, however, no chemical carrier seems to be able to compete against LH2, no matter the distance 
considered.  

Influence of delivery rate on final delivery costs (i.e. economies of scale) was also analysed in this study, but 
only for CGH2 pipeline delivery. For this pathway, a ten-fold increase on hydrogen delivery rate (i.e. from 0.1 
Mt/year to 1 Mt/year) reduces the delivery costs of a unit of hydrogen by around 2/3. However, it is expected 
that for delivery rates higher than the ones analysed here, the cost of delivery per unit of hydrogen would only 
reduce marginally, in particular for other pathways where economies of scale are applied up to a feasible or 
realistic size and from there on, a linear approach is used. 

It has to be remarked that the conclusions from this study should not be extrapolated to other scenarios. In 
general it seems that there is no single optimal hydrogen delivery solution across every transport scenario. The 
most cost effective way to deliver renewable hydrogen depends on distance, amount, final use, and whether 
there is infrastructure already available. Final user requirements in terms of hydrogen purity and pressure can 
have a significant cost contribution.  Therefore, a combination of these aspects could result on a different 
outcome to the one obtained in this study. Nevertheless, results from this study suggest that CGH2 pipeline, if 
available, will the most competitive hydrogen delivery option for any scenario considered, particularly if 
repurposing of pipelines is possible. 

The authors would like to remark that the values obtained during the analysis have a level of uncertainty, as 
the scale of deployment considered is beyond any existing infrastructure. Moreover, some of the technologies 
considered in this study are still in early stage of development. Unfortunately, this is a common issue for any 
study analysing the delivery of hydrogen at big scale. 
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8 Policy considerations and recommendations 

8.1 Policy considerations 

With renewable hydrogen production costs of EUR 1.5-EUR 3.5 /kgH2, the contribution of hydrogen delivery costs 
to the final hydrogen price is not negligible. However, delivery costs may be low enough to facilitate the 
competitiveness of large imports of renewable hydrogen from cheaper production locations, particularly for a 
single point-to-point delivery route. As outlined in Figure 11, for a network of distributed hydrogen consumers, 
the cost of hydrogen delivery can possibly represent the highest share of the total hydrogen cost at the demand 
site. For this use case, even with limited renewable energy resources and consequently higher electricity prices, 
on-site hydrogen production may be more competitive than imported hydrogen. However, it has to be recalled 
that the analysis presented here did not consider the delivery of hydrogen by a capillary network of pipelines 
for this scenario (Case B). This option could become the most suitable option in a highly distributed scenario53. 
One of the main challenges for the delivery of large amounts of renewable hydrogen is the current lack of 
infrastructure (e.g. liquefaction plants, ammonia cracking or LOHC dehydrogenation solutions), both in terms of 
number of facilities and the lack of technically proven large-scale size designs. This challenge becomes more 
relevant when considering the amounts of renewable hydrogen the EU will demand in the coming years, as 
outlined in the European Hydrogen Strategy [2] and the RePowerEU plan [1].  

Aggressive and cost-effective implementation of the EU Hydrogen Strategy and the RePowerEU plan warrants 
improved understanding of the costs of renewable hydrogen. In addition to the delivery aspects covered in this 
report, more studies are needed to accurately compare actual hydrogen production costs in the EU against the 
costs in places with better renewable resources (e.g. Chile, Australia or Western Africa). More clarity is also 
essential on the actual future demand for renewable hydrogen and renewable hydrogen-derived chemicals in 
the EU, and how much of that demand could be covered with hydrogen produced in the EU at a competitive 
price. The large scale import of green chemicals could have a significant impact on the European chemical and 
fertilisers industry.  

An established large-scale hydrogen delivery chain would emit much greenhouse gases if fossil fuels are used 
to fulfil its energy needs. Therefore the definition, certification and labelling of renewable hydrogen should not 
only consider its production, but also the full delivery chain.  

 

 

8.2 Future work 

A study on the environmental impact assessment of hydrogen delivery options is underway. This work is 
performed under the Framework Contact the JRC has with the FCH 2 JU, and the report will be published by the 
end of 2022.  

 

8.3 Recommendations 

There are several technological challenges to be overcome to enable competitive delivery of large amounts of 
hydrogen over long distances.   

• Significant technical improvements over the current state of the art are necessary for the 
technologies involved in the hydrogen delivery chain. Lowering as much as possible the energy 
demand for packaging/unpacking technologies is a key issue. Support will be needed from the 
public sector, as there is still a lack of clear business cases for green hydrogen, and industry is 
probably not able to bear the full cost of the considerable R&D and infrastructure effort.     

                                          
53 This option was not considered in this study, as such a network would not be purpose built for such low volumes, and moreover challenging 

to implement. Additionally, a distributed network would likely be based on repurposing of pipelines in our opinion.   
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• Further research and development should be supported on key issues such as improving the energy 
demand for liquefaction, enabling transport of bulk LH2, lowering the dehydrogenation 
temperature for LOHC and reducing cost and energy demand for ammonia cracking. This work 
should be complemented by techno-economic studies, to reduce the uncertainties in the 
assumptions for costs and energy demand of packing/unpacking plants.  

• Upscaling of several orders of magnitude also present a challenge for the industries involved, as 
the technologies still need to be validated at the scale required by the RePower EU Plan. De-risking 
this investment through EIB loans, or additional co-funding on-top of schemes such as IPCEI or EU 
structural funds may be needed to reach the required scale.   

• As a first step, studies are needed to investigating the technical limits for scaling up, as it is not 
clear yet what the maximum upper limit for capacities of conversion plants, compressors or ships 
is. This work could be carried out by consortia composed of research centres and industry partners, 
and possibly supported by the Clean Hydrogen Partnership or national funding schemes. A 
technical assessment of optimisation margins for the technologies involved in hydrogen delivery 
would be useful, which could be addressed in a similar manner as the up-scaling studies.  

• The possibility of flexible operation of conversion/packaging plants in order to profit from 
favourable low electricity prices should be investigated, in order to bring down costs. This can also 
help to lower the environmental impact, as renewable electricity is likely to have the lowest 
environmental impact. In parallel viable large-scale electricity and/or hydrogen storage solutions 
will have to be pursued in order to guarantee the smooth operation of conversion plants. 

• Since a major cost component for hydrogen transport through pipelines is the construction cost of 
new infrastructure, actions aimed at clearly understanding the techno-economic potential for 
repurposing natural gas pipelines should be supported.  There are efforts underway at industry 
level, often funded through national schemes. The Clean Hydrogen Partnership has issued a call 
topic in the AWP 2022 [261] which will help address challenges at materials/component level, if a 
project is funded. More work is needed though on grid operation and other relevant aspects in 
order to guarantee a safe conversion of existing infrastructure for the transport of hydrogen. The 
JRC is planning to conduct experiments on the compatibility of pipeline materials with hydrogen in 
its high pressure gas testing facility [262].  

• Research on the potential hazard for the society and the environment (e.g. toxicity, flammability) 
of hydrogen packaging solutions is needed due to their presence in new settings. This research 
should lead to the development of adequate technological solutions and the elaboration of safety 
regulations.  

• Modelling of the cost and availability of renewable energy in different geographical locations 
(within and outside Europe) is of paramount importance for understanding the economic feasibility 
of hydrogen transport over long distances. JRC has published a report on the assessment of the 
extent the currently carbon-intensive hydrogen production in Europe could be replaced by water 
electrolysis using electricity from RES [263], this work should be expanded to a global level. A 
study on storage needs for various scenarios, linked to the variability of RES, would also be useful. 
This action will have also clear implications in terms of energy diplomacy. 

• A well-developed tool such as the Carbon Border Adjustment Mechanism is necessary in order to 
assess the actual carbon footprint of imported hydrogen carriers. The full transport value chain 
should be included, if accurate conclusions are to be drawn. 
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Annex 1 – additional graphs 

Figure 18 Detailed cost breakdown for compressed hydrogen delivery, low electricity cost scenario. 

 

Source: JRC analysis Source: JRC analysis 
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Figure 19 Detailed cost breakdown for compressed hydrogen delivery, high electricity cost scenario.  

Source: JRC analysis 
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Figure 20 Detailed cost breakdown for liquid hydrogen delivery, low electricity cost scenario.  

 

Source: JRC analysis 
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Figure 21 Detailed cost breakdown for liquid hydrogen delivery, high electricity cost scenario.  

 
 

Source: JRC analysis 
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Figure 22 Detailed cost breakdown for chemical carrier: methanol delivery, low electricity cost scenario.  

 
 

 
Source: JRC analysis 
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Figure 23 Detailed cost breakdown for chemical carrier: methanol delivery, high electricity cost scenario.  

 
  

Source: JRC analysis 
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 Figure 24 Detailed cost breakdown for chemical carrier: ammonia delivery, low electricity cost scenario.  

 
 

Source: JRC analysis 
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Figure 25 Detailed cost breakdown for chemical carrier: ammonia delivery, high electricity cost scenario.  

 

Source: JRC analysis 
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Figure 26 Detailed cost breakdown for chemical carrier: LOHC delivery, low electricity cost scenario 

Source: JRC analysis 
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Figure 27 Detailed cost breakdown for chemical carrier: LOHC delivery, high electricity cost scenario. Dehydrogenation with 
electrical heating.  

 

Source: JRC analysis 
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Annex 2 – Tables with assumptions 
Table 16 Hydrogen production assumptions 

Hydrogen Production 

Technology KPI Unit Case A Case B Method/Notes Reference  

PEM 
Electrolyser 

Total CAPEX EUR/kW 500 500  [264] 

Annual OPEX 

(O&M cost plus 
1 stack 
replacement) 

% 4 4 Own calculation based on various 
sources 

[264], [265] 

Efficiency kWh/kg 
H2 

52 52  [264] 

Lifetime years 20 20 Own assumption 

 

Alkaline 
Electrolyser 

Total CAPEX EUR/kW 400 400  [264] 

Annual OPEX % 6.3% 6.3% Own calculation based on various 
sources 

[264], [265] 

Efficiency kWh/kg 
H2 

49 49  [264] 

Lifetime years 20 20 Own assumption  
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Hydrogen Production 

Technology KPI Unit Case A Case B Method/Notes Reference  

Underground 
H2 storage 

Lifetime years 40 40 Own assumption 

 

Storage 
capacity 

t H2 8 200 - 
12 00054 

8 20-1 200 Own assumption 

 

Operating 
pressure 

MPa 7 7 Own assumption 

 

CAPEX55 MEUR 170 - 250 –17 - 25 Calculated from   [32] 

Annual OPEX kEUR 180 - 200  100 - 110 Calculated from   [190] 

H2 
Compressor 

Total installed 
capacity 

t H2/h 115 - 160 12 - 16 Own assumption  

Total CAPEX MEUR 170 - 250 17 - 25 Calculated based on industry 
information 

 

Annual OPEX kEUR 1 900 – 
2 700 

200 - 280 Calculated based on industry 
information and 

[190] 
 
 

Lifetime years 20 20 Own assumption  

                                          
54 The higher capacity is needed for Ammonia and Methanol pathways, and LOHC in case hydrogen is used to provide heat for hydrogenation. 
55 Does not include compressors.  
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Hydrogen Production 

Technology KPI Unit Case A Case B Method/Notes Reference  

Pressure  

input / output 

MPa 3 / 9 3 / 9 Own assumption  
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Table 17 Compressed Hydrogen Assumptions 

Compressed Hydrogen 

Technology KPI Unit Case A Case B (Bulk 
/ Container) 

Method/Notes Reference  

H2 
Compressor 

Installed 
capacity  

tH2/h 425 130 / 25 

  

Total CAPEX MEUR 720 220 / 50 Calculated based on industry 
information 

 

Annual OPEX kEUR 7 500 2 300 / 540 Calculated based on industry 
information and 

[190] 
 
 

Lifetime years 20 20 Own assumption 

 

CGH2 ship Capacity ship t H2 1 370 1 370 / 
3 000 

  

Storage 
pressure 

MPa 25 25 / 50 Based on  [196] 

CAPEX ship MEUR 217 217 / 48 Based on  [196], [206], [266], [267]  

Speed ship km/h 26 26 / 30 From [197], [199] 

Annual OPEX MEUR 2.8 2.8 / 3.5 Calculated from [200] 
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Compressed Hydrogen 

Technology KPI Unit Case A Case B (Bulk 
/ Container) 

Method/Notes Reference  

Energy 
consumption  

MJ/km 5 000 5 000 / 
7 200 

Calculated from  [197], [198], [199], [207]  

Lifetime years 30 30 / 20 Based on  [268] 

CGH2 
container 

Capacity  t H2 

 

1.1 

 

[39] 

 

CAPEX MEUR   0.9 Based on [40] 

Truck CAPEX trailer kEUR 

 

60 

 

[40] 

CAPEX truck kEUR 

 

115 

 

[190] 

Speed truck km/h 

 

50 

 

[189] 

Annual OPEX 
truck 

EUR/km 

 

0.6 Calculated from [191] 

Fuel cost EUR/km   1 Calculated from [188] 

Train CAPEX diesel 
locomotive 

MEUR 

 

2.8 Calculated from   [187] 
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Compressed Hydrogen 

Technology KPI Unit Case A Case B (Bulk 
/ Container) 

Method/Notes Reference  

CAPEX electric 
locomotive 

MEUR 

 

2.2 Calculated from   [187] 

Speed train km/h 

 

50 

 

[189] 

Annual OPEX 
diesel train 

kEUR/trai
n 

 

990 Calculated from   [187],  
[269] 

Annual OPEX 
electric train 

kEUR/trai
n 

 

430 Combination of [187] 
 
[269] 

Energy use 
(diesel train) 

MJ/tkm 

 

0.19 Calculated from   [188] 

Energy use 
(electric train) 

MJ/tkm   0.07 Calculated from   [188] 
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Compressed Hydrogen 

Technology KPI Unit Case A Case B (Bulk 
/ Container) 

Method/Notes Reference  

Underground 
H2 storage 

Lifetime years 40 40 Own assumption 

 

Total storage 
capacity 

t H2 7 100 7 100 / 
8 800 

Own assumption 

 

Operating 
pressure 

MPa 10 10 Based on [24] 

CAPEX MEUR 130 130 / 160 Calculated from   [32] 

Annual OPEX kEUR 455 455 Calculated from   [190] 

 

Table 18 Hydrogen pipeline assumptions 

Hydrogen Pipelines 

Technology KPI Unit Scenario A Scenario B Method/Notes Reference  

H2 Pipelines Lifetime years 50 50 Own assumption 

 

Pipeline 
diameter 

inches 34 14 Own calculation 
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Hydrogen Pipelines 

Technology KPI Unit Scenario A Scenario B Method/Notes Reference  

Pipeline 
operating 
pressure 

MPa 7 7 Defined by compressor 

 

Pipeline 
material 

 

X42 X42 Own assumption. Compatible with 
hydrogen 

 

CAPEX MEUR/km 2.5 1 Calculated from [190] 

OPEX kEUR/year 600 340 Calculated from [190] 

H2 
compressor 

Lifetime years 20 20 Own assumption 

 

Flow-rate 
compressor 
station 

Nm3/h 1 250 000 125 000 Based on industry information  

Pressure 

Input/Output 

MPa 3-7 3-7 Based on industry information  

CAPEX 
compressor 
station 

MEUR 150 15 Based on industry information  
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Hydrogen Pipelines 

Technology KPI Unit Scenario A Scenario B Method/Notes Reference  

OPEX kEUR/year 1 800 200 Calculated from both [190] 
 
Industry information  

Compressor 
utilisation 

% 50 50 Own assumption 

 

Underground 
H2 storage 

Lifetime years 40 40 Own assumption 

 

Storage 
capacity 

t H2 27 000 2 700 Own assumption 

 

Operating 
pressure 

MPa 7 7 Defined by compressor 

 

CAPEX MEUR 553 55 Calculated from   [32] 

OPEX kEUR/year 240 135 Calculated from   [32] 
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Table 19 Liquid Hydrogen Assumptions 

Liquid Hydrogen 

Technology KPI Unit Case A Case B (Bulk 
/ Container) 

Method/Notes Reference  

Liquefaction Installed 
capacity  

ktH2/y 1 125 130/110 

  

Total CAPEX MEUR 6 600 755/640 Calculated from   [190] 

Annual OPEX % CAPEX 3 3 Own assumption    

Lifetime years 20 20 Own assumption  

Electricity use56 MJ/kg H2 21.6 (14.4) 21.6 (14.4) Calculated from [54] 

 

LH2 storage 
tank 

Total storage 
capacity  

t H2 34 000 17 300/7 80
0 

  

Total storage 
CAPEX  

MEUR 565 290/2 100 Calculated based on industry 
information and  

[24] 

Annual OPEX kEUR 1 200 960/42 Calculated from   [190] 

                                          
56 Energy consumptions for liquefaction and re-liquefaction are presented. 
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Liquid Hydrogen 

Technology KPI Unit Case A Case B (Bulk 
/ Container) 

Method/Notes Reference  

Lifetime years 20 20/20 Based on industry information 

 

Boil-off rate %/day 0.08 0.08-1/0.257 From [59] [60] 

Boil-off at 
transfer 

% 2.25 2.25 / 2.5 Calculated from  

[64]  

LH2 ship Capacity ship t H2 8 700 4 200/3 300 

  

CAPEX ship MEUR 380 263/25 Calculated from [62], [206], [270] 
 

 

Speed ship km/h 35 31/30 From [199][208] 

Annual OPEX MEUR 10 4.5/2.1 

 

Calculated from [200] 

Lifetime years 20 20/20 Assumption 

 

Boil-off rate %/day 0.2 0.2/0.2 Based on [60], [67] 

                                          
57 Range of boil-off rates of the different storage systems used in this pathway. 
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Liquid Hydrogen 

Technology KPI Unit Case A Case B (Bulk 
/ Container) 

Method/Notes Reference  

Flash rate % 2.5 2.5 Calculated from [64] 

LH2 container CAPEX 
container 

kEUR 

 

-/800 Based on industry information  

OPEX container kEUR 

 

-/20 Based on industry information 

 

Truck 

 

Truck capacity t H2  3.3/3 Based on industry information and [67] 

CAPEX trailer kEUR 

 

-/60 From [40] 

 

CAPEX truck kEUR 

 

750/115 From [24], [190] 

Speed truck km/h 

 

50 

 

[189] 

Annual OPEX 
truck 

EUR/km 

 

0.8/0.62 Calculated from [191] 

Fuel cost EUR/km   0.72/0.59 Calculated from [188] 

Lifetime  years - 20/20 Assumption 
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Liquid Hydrogen 

Technology KPI Unit Case A Case B (Bulk 
/ Container) 

Method/Notes Reference  

LH2 train Capacity train 
wagon 

t  

 

7.4/3 Calculated from [67], [69] 

CAPEX train 
wagon 

kEUR 

 

-/9058 Calculated from [187] 

CAPEX diesel 
locomotive 

MEUR 

 

2.5/2.3 Calculated from   [187] 

CAPEX electric 
locomotive 

MEUR 

 

2.1/2 Calculated from   [187] 

Speed train km/h 

 

50 

 

[189] 

Annual OPEX 
diesel train 

kEUR/trai
n 

 

4200/1000 Combination of [187],[209], [269] 

                                          
58 LH2 bulk transport assumes leasing of wagons at 210 EUR/day. These costs are included in OPEX costs. 
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Liquid Hydrogen 

Technology KPI Unit Case A Case B (Bulk 
/ Container) 

Method/Notes Reference  

Annual OPEX 
electric train 

kEUR/trai
n 

 

3700/420 Combination of [187],[209], [269] 

Energy use 
(diesel train) 

MJ/tkm 

 

0.19 

 

[188] 

Energy use 
(electric train) 

MJ/tkm   0.07 

 

[188] 

Transformati
on at HRS 

Pressure output MPa 

 

52 

  

Energy for 
pumping 

MJ/kg H2 

 

2.2 Estimated from  [24] 

Flow-rate kg/h 

 

46 

  

Power pump kW 

 

25 
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Liquid Hydrogen 

Technology KPI Unit Case A Case B (Bulk 
/ Container) 

Method/Notes Reference  

CAPEX pump kEUR 

 

130 Based on industry information 

 

Lifetime pump years 

 

10 

 

[24] 

CAPEX 
Evaporator 

kEUR 

 

90 Calculated from [190] 

OPEX % total 
CAPEX 

  5 

 

[24] 
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Table 20 Methanol assumptions 

Methanol 
   

Case A Case B 

  

MeOH 
Pipelines 

Design 
throughput ktMeOH/y 6 893 689 

  

Velocity m/s 1.8 0.6 Calculated from   [239] 

MeOH 
Pipelines 
General 
parameters 

Lifetime years 40 40   

External 
diameter inches 18 10 

  

Thickness mm 8.3 4.6  [243] 

Injection 
pressure MPa 7 7 

  

Material cost 
(X42) EUR/t-steel 1 350 1 350 

 [271] 

Material cost 
percentage of 
CAPEX % 20.0 15.0 

 [272], [245] 

CAPEX (MEUR/km) 0.7 0.3 See 5.5.6.2  
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OPEX % CAPEX 2.8 1.2 See 5.5.6.2  

Compressor 
utilisation % 50.0 50.0 

  

MeOH Packing 

CAPEX M EUR 654 349.2  [211]   

Capacity tMeOH/d 5 400 2 117   

Annual OPEX % CAPEX 3.0 3.0   

Electricity use GJ/tMeOH 2.3 2.3  [211], [273] 

MeOH tank 

Capacity tank tMeOH 58 000 9 656   

Total CAPEX 
tank EUR million 14.6 4.4 

Calculated from   [94] 

CAPEX 
kEUR/tMeO
H 0.2 0.46 Calculated from   [94] 

Annual OPEX % of CAPEX 23.6 13  [94] 

MeOH ship 

Capacity ship tMeOH 41 500 9 656 Calculated from   [137], [106] 

Total CAPEX 
ship EUR million 42.0 15.1 Calculated from   [106] 



118 

CAPEX 
kEUR/tMeO
H 

1.0 1.6   

Speed ship km/h 29.6 29.6  [106] 

Annual OPEX % of CAPEX 8 13.6 Calculated from   [106] 

Fuel use 
MJ/(tonMeO
H*km) 0.03 0.03 Calculated from   

[137], EEDI from [216] 

MeOH 
Unpacking 

Capacity  tMeOH/d 2 467 353   

Total CAPEX EUR million 126.7 34.4   

Annual OPEX % of CAPEX 3.0 3.0   

Electricity 
required MWh/tH2 

0.501  0.501 
 [143] 

Fuel 
Required59 MWh/tH2 

8.6 8.6 
 [143] 

Water 
consumption 
for steam 
reforming kgH2O/kgH2 

3.8 3.8 

 [143] 

Ratio 
kgH2/kgMe
OH 0.142 0.142 Calculated from    

                                          
59 Assuming a boiler efficiency of 90%. 
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MeOH train 

 

Lifetime 
locomotive/tr
ain years - 20.0 

  

CAPEX 
locomotive MEUR - 4.9-2.8 

Calculated from   [187] 

OPEX 
locomotive % CAPEX - 14-34 

Calculated from   [187] 

Driven hours / 
yr h/y - 2 500 

Calculated from    

Locomotive 
distance km / 
yr km/y  87 600 

Calculated from    

Diesel train 
consumption MJ/tkm - 0.3 

 [274] 

Electric train 
consumption MJ/tkm   

  

Total CAPEX kEUR - 109  [171] 

Trailer length m - 15.1  [139] 

Trailer weight kg - 21 600  [139] 

Net capacity kg MeOH - 67 200  [139] 
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Table 21 Ammonia Assumptions 

Ammonia 
   

Case A Case B 

  

NH3 
Pipelines 

 

Design 
throughput ktNH3/y 8 200 820 

  

Velocity m/s 2.7 0.9 Calculated from   [239] 

Lifetime years 40.0 40.0   

External 
diameter inches 18 10 

  

NH3 
Pipelines 
general 
parameters 

 

 

Thickness mm 8.3 4.6  [243] 

Injection 
pressure MPa 7 7 

  

Material cost 
(X42) 

EUR/t-
steel 1 350 1 350 

 [271] 

Material cost 
percentage of 
CAPEX % 20.0 15.0 

 [272], [245] 

CAPEX (MEUR/km) 0.7 0.3 See 5.5.6.2  
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Ammonia 
   

Case A Case B 

  

OPEX % CAPEX 2.8 1.2 See 5.5.6.2  

Compressor 
utilisation % 50 50 

  

NH3 Packing 

CAPEX M EUR 2 373.3 309 

Calculated from   [97] 

Installed 
Capacity tNH3/d 24 627 2 463 

Own assumption    

Annual OPEX % CAPEX 3.0 3.0  [94] 

Electricity use GJ/tNH3 2.9 2.9  [94], [81],[275] 

NH3 tank 

Capacity tank tNH3 50 000 11 000   

Total CAPEX 
tank 

EUR 
million 32.5 8.3 

  

CAPEX kEUR/tNH3 0.65 0.76  [94] 

Annual OPEX 
% of 
CAPEX 13.6 11.6 Calculated from   

[94] 
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Ammonia 
   

Case A Case B 

  

NH3 ship 

Capacity ship tNH3 50 000 11 234 Calculated from   [105] 

Total CAPEX 
ship 

EUR 
million 70 24.7 Calculated from   [106] 

CAPEX kEUR/tNH3 1.4 2.2   

Speed ship km/h 29.6 29.6  [105] 

Annual OPEX 
% of 
CAPEX 4.7 9.0 Calculated from   [236] 

Fuel use 
MJ/(tonNH
3*km) 0.05 0.05 Calculated from   [105] 

NH3 
Unpacking 

Installed 
capacity  tNH3/d 24 627 2 463 

  

Total CAPEX 
EUR 
million 1 100 249  [89] 

CAPEX 
EUR/(t 
NH3/d) 44.7 101.1   
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Ammonia 
   

Case A Case B 

  

Annual OPEX 
% of 
CAPEX 

3.0 3.0 

  

Heat required MWh/tH2 

- - 

  

Electricity 
required MWh/tH2 

4.9 4.9 

 [89] 

Fuel Required MWh/tH2 

14.4 14.4 

 [89] 

Ratio 
kgH2/kgNH
3 

0.122 0.122 
Calculated from    

NH3 train Lifetime 
locomotive/train years - 20.0 
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Ammonia 
   

Case A Case B 

  

 

CAPEX 
locomotive MEUR - 4.9-2.8 

Calculated from   [187] 

OPEX 
locomotive % CAPEX - 14-34 

Calculated from   [187] 

Driven hours / yr h/y - 2 500 Calculated from    

Locomotive 
distance km / yr km/y  87 600 

Calculated from    

Diesel train 
consumption MJ/tkm - 0.3 

Calculated from   [274] 

Total CAPEX kEUR - 163.0  [113] 

Trailer length m - 17.2  [112] 

Trailer weight kg - 35 000   [112] 

Net capacity kg NH3 - 55 120   [112] 
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Table 22 LOHC Assumptions 

LOHC60 
   

Case A Case B 

  

  CAPEX EUR/kg 
DBT 

1.5 1.5 

 

[160] 

Cyclability nr 750 750 

 

[219] 

LOHC 
Pipelines 

Lifetime years 50 50 

  

Design 
throughput 

ktH2/y 1 000 100 

  

CAPEX (MEUR/km) 0.32 0.09 See 5.5.6.3 

 

Compressor 
utilisation 

% 50 50 

  

LOHC tank Capacity tank t DBT 284 000 30 000 

/5 000 

Corresponding to two shiploads 

 

CAPEX tank EUR/t DBT 264 322/368 Calculated from  [176], [276],[224], [277]  

Annual OPEX % 1 1 

  

                                          
60 The assumptions provided here relate to the case where electricity is used to provide the energy for dehydrogenation.  
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LOHC60 
   

Case A Case B 

  

Electricity use MJ/kg H2 0 0 

  

LOHC ship Capacity ship t DBT 142 000 31 500 

14 400 

  

Total CAPEX 
ship 

MEUR 65 26 

23 

 

[106] 

Speed ship km/h 26 27 

 

[227], [230] 

Annual OPEX % CAPEX 5 10 

 

[106] 

Fuel use t/d 55 28 

22 

 

[227] 

LOHC 
Packing 

Installed 
capacity  

ktH2/y 1 00061 100 

  

CAPEX MEUR 280 60 Based on [270] 

                                          
61 Only the base Case A and B figures are given here (not considering the use of hydrogen for heat).  
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LOHC60 
   

Case A Case B 

  

Annual OPEX % 1.5 1.5  [176] 

Electricity 
required 

MJ/kg H2 1.332 1.332  [222] 

Depreciation 
period 

years 20 20 Own assumption 

 

LOHC 
Unpacking 

Installed 
capacity  

ktH2/y 1 000 Railport  

27 250 

HRS 1 135 

  

CAPEX MEUR 669 Railport 
27.7 

HRS 4 

Based on  [270] 

Annual OPEX % 1.5 1.5 Based on [176] 

Electricity 
required 

MJ/kg H2 45 45 Based on   [223], [222], [278] 

H2 purification 
CAPEX 

EUR/kg H2 76 Railport 120 

HRS 439 

Calculated from [165] 
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LOHC60 
   

Case A Case B 

  

H2 recovery rate % 99.9 99.9  [278] 

PSA H2 recovery 
rate 

% 99 99 

 

[278] 

LOHC train Capacity train 
wagon 

t DBT 

 

23.6 

 

[170] 

CAPEX train 
wagon 

kEUR 

 

128 

 

[171] 

CAPEX diesel 
locomotive 

MEUR 

 

4.2 Calculated from  [187] 

CAPEX electric 
locomotive 

MEUR 

 

2.5 Calculated from  [187] 

Speed train km/h 

 

50 

 

[189] 

Annual OPEX 
diesel train 

kEUR/train 

 

1 000 Calculated from  [187] 
 
[269] 
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LOHC60 
   

Case A Case B 

  

Annual OPEX 
electric train 

kEUR/train 

 

475 Calculated from  [187] 
 
[269] 

Energy use 
(diesel train) 

MJ/tkm 

 

0.19 

 

[279] 

Energy use 
(electric train) 

MJ/tkm   0.07 

 

[279] 

LOHC truck Tank capacity  l  

 

25 000 

 

[231] 

CAPEX tank kEUR 

 

20 

 

[231] 

CAPEX trailer kEUR 

 

60 

 

[40] 
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LOHC60 
   

Case A Case B 

  

CAPEX truck MEUR 

 

115 

 

[190] 

Speed truck km/h 

 

50 

 

[189] 

Annual OPEX 
truck 

EUR/km 

 

0.62 Calculated from  [191] 

Fuel cost EUR/km   1.35 Calculated from  [191] 

HRS 
transformat
ion 

Pressure inlet MPa 

 

3 

  

Pressure out MPa 

 

52 

  

Energy for 
compression 

MJ/kg H2 

 

7.7 Calculated from [280] 

Flow-rate kg/h 

 

41.7 

  

Power kW 

 

90 

  

CAPEX kEUR 

 

400 

 

[190] 

OPEX %CAPEX   4 Calculated from [24] 
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